
During the first quarter of 2005 the Company determined that there were 
errors in financial statements that required restatement.  As a result the 
financial statements in the Annual Reports to Shareholders for 2004 and 
prior period should not be relied upon.  The Annual Reports to Shareholders 
are provided here for narrative and other non-financial information that 
might be of interest to potential investors.  For information on the errors and 
the restated financial statements see the Company’s 2005 Form 10-K filed 
on May 31, 2006.    
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Profile

Petroleum Development Corporation (NASDAQ: PETD) (PDC) is a rapidly growing independent oil and gas 

producer based in Bridgeport, W.Va. The Company’s drilling and production operations are in the Rocky Mountains, 

Appalachian Basin, and Michigan. Approximately 82% of the Company’s 2004 production was natural gas, and 72% of 

total production was provided by the Rocky Mountains operating area. PDC also owns and operates an Appalachian-

based natural gas marketing company.

Sustained profitable growth is PDC’s driving principle. Few peers can match the Company’s record of increasing 

reserves, production and shareholder value over the past decade. We invite you to examine our 10-year comparison of 

key financial and operating measures on pages 16 and 18, respectively. PDC expects to continue exceptional operating 

and financial performance in 2005 and beyond by combining key core-area acquisitions and drilling. PDC continues to 

expand its technical, geological and operating expertise to generate new opportunities.

2004 Highlights

• 15th consecutive profitable year 

• 97% drilling success on a record 158 gross wells 

• Record production of 12.7 billion cubic feet equivalent (Bcfe), up 21% from 2003’s 10.4 Bcfe

• Record proved reserves of 217 Bcfe, 69% in core Rocky Mountains operating area

• Record drilling partnership sales of $100 million; $115 million in potential partnerships to be offered for 

sale in 2005

• Record oil and gas sales from Company well interests of $67.9 million

• Record Adjusted Cash Flow* of $62.5 million in 2004

• Record sales from natural gas marketing of $93.2 million

• Record net income of $34.1 million ($2.05 per fully diluted share)
 

* See note on page 17 for definition
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We are pleased to be able to report another year of outstanding performance for Petroleum Development Corporation. 

While commodity prices were key to our success, more important is our continued strong growth in the important 

operating categories. The combination of prices and performance generated new Company records across a variety of 

operating and financial measures and higher per-share prices. 

Our greater market capitalization led to our inclusion during 2004 on the S&P SmallCap 600 list. In 2003, we were added 

to the Russell 3000 index. As a component of these indices, we enjoy increased interest from institutions in our stock, 

with positive effects for liquidity and share price. 

Each of our four business segments contributed to our 2004 performance. We set a new record of $100 million in 

partnership sales in 2004. Proceeds from these partnerships along with a $50 million carryover from 2003 resulted in 

record revenue and profits for our Drilling and Completion segment. In fact, with the rapid increase in partnership 

activity, we were unable to complete all of the drilling we had planned for the Company in addition to the drilling 

commitments for the partnerships. We expect to be able to execute a more aggressive development program for the 

Company in 2005 in addition to maintaining the partnership activity at 2004 levels.

Our drilling activity continues to focus on our western properties, with the partnerships drilling in Colorado’s Wattenberg 

and Grand Valley Fields. We are also conducting infill drilling on our NECO (northeast Colorado) properties for the 

Company, and we drilled the first of several planned exploratory wells in northwest Colorado. In total we drilled 158 

wells with four dry holes in 2004.

In addition to drilling new wells, our development activity included 42 recompletions in Wattenberg Field on wells we 

purchased in 1999 and 2000. These recompletions continue to provide excellent production and economic results. We 

expect to begin recompletion operations on some of our earlier Colorado partnership wells in 2006. We also completed 

behind pipe zones on 10 wells in the Appalachian Basin.

Our 2004 production increased to record levels of 10.4 billion cubic feet (Bcf) of natural gas and 381 thousand barrels 

(MBbl) of oil. This represents total production of 12.7 Bcfe (1 Bbl = 6 Mcfe), up 21% from 10.4 Bcfe in 2003. Since 

1999, we have increased our production at a compound annual rate of 20% per year, a record not many of our peers 

have matched. Despite this excellent increase, we were limited in our drilling of new wells by the tight market for drilling 

rigs. We plan to increase our Company drilling investment in 2005, with $80 million of our $108 million capital budget 

allocated to drilling projects.

Letter to the Shareholders
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PDC continues to outpace internal growth 
goals in almost every operational and 

financial category. 
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Our natural gas marketing and well operations segments also made record contributions to the total results. Strong gas 

prices helped to improve marketing margins, and we continue to add to the properties we operate as we drill more wells 

for our partnerships and others.

We continue to seek growth through acquisitions that meet our economic and operating criteria. We made several offers 

for producing properties during 2004, but in a strong, perhaps even frothy, market other companies were willing to pay 

more than we were. 

We expect to have other acquisition opportunities in 2005. Our cash flow exceeded our capital expenditures allowing us 

to pay down long-term debt to $21 million in 2004 from $53 million at year-end 2003. We enter 2005 with a very strong 

balance sheet and the potential for continued outstanding cash flow puts us in an excellent position to continue our 

growth this year. At December 31, 2004, our debt to equity ratio was an attractive 12.8%.

We are unequivocally optimistic about our many opportunities going forward. There is every indication that our drilling 

partnerships will continue to sell very well, as our first 2005 partnership was fully subscribed for $40 million in only a 

few days. By the time of the annual meeting in June, we expect to have closed a second $40 million partnership with a 

third partnership planned later in the year with $35 million to be offered. The majority of partnership drilling is to be 

conducted in Wattenberg and Grand Valley Fields.

The hot market for producing properties extends to proven undeveloped properties. As a result we believe the relative 

attractiveness of exploratory drilling has increased and we plan an active exploratory program in 2005 on several different 

prospects. While this program could create substantial value for the Company in the future, exploratory wells are 
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Steven R. Williams Thomas E. Riley
Chairman and CEO President

 March 31, 2005  

accompanied by increased dry hole risk when compared to our bread and butter development wells. Under the successful 

efforts method of accounting we use, exploratory wells must be expensed in the period when we determine that they are 

not productive. A dry hole may also require expensing of acreage associated with the prospect. This could result in greater 

earnings volatility for the Company, even for an exploratory program that successfully develops significant new prospects 

for future drilling. We discuss our exploratory plans in some depth later in this report, and will keep you informed of 

our progress as the program advances.

On the other end of the risk scale, we will continue our participation with the partnerships in Wattenberg Field and 

Grand Valley Fields, and we are accelerating our Wattenberg Field recompletion work and our NECO infill drilling. We 

also plan to continue to seek additional producing property purchases in 2005. We will be patient and seek opportunities 

that add not only to our size but also to our future profitability.

It is a great time to be in the oil and gas business, but success results only from the efforts of our excellent employees. We 

would like to recognize the outstanding efforts of all of the Company’s employees and management in 2004. Working 

for a rapidly growing company creates constant challenges. Our dedicated employees consistently deliver outstanding 

results each and every year. We would also like to commend our non-employee directors for their efforts in 2004. 

New governance requirements are demanding far more of their attention and time. They have been unselfish in their 

commitment of time, knowledge and concern to advancing Petroleum Development Corporation. The Company’s 

success does not belong to any one of us, but to all of us.
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For management and reporting purposes, we divide the operations of Petroleum Development Corporation into four 

segments: Drilling and Development, Oil and Gas Sales, Natural Gas Marketing, and Well Operations. In addition, PDC 

realizes limited revenue from non-operating activities, principally through interest and management fees. The charts on page 

7 show the relative contribution of each of these areas to PDC’s revenue and pre-tax income.

Drilling and Development

Our Drilling and Development segment contributed greatly to PDC’s success in 2004 as in prior years. For our size, we 

manage one of the country’s most active drilling programs, because we develop properties not just for the Company, 

but also for our Company-sponsored partnerships. In 2004, we drilled 158 new wells, 157 of which were in three 

developmental fields in Colorado. Only four of the 157 developmental wells we drilled were not productive. We also 

drilled one exploratory well to test the development potential of a new area in northwest Colorado. Testing of the well 

was delayed until the second quarter of 2005 by environmentally based access restrictions on the federal lease during 

winter and spring months, so we haven’t yet been able to classify the well as successful or dry.  PDC’s drilling activities 

and their locations are discussed in more detail later in the report.

To understand how Drilling and Development operations affect the Company, it helps to think of this segment as a 

“service company” type activity. PDC sells interests in the wells it drills to other investors, primarily publicly registered 

drilling partnerships sponsored by the Company. These Company-sponsored partnerships are sold through a nationwide 

network of NASD investment advisors. Currently more than 140 NASD Broker/Dealers have selling agreements in place to 

offer the PDC Drilling Program. The partnerships have been sold in all 50 states. PDC closed four partnerships in 2004 with 

record subscriptions of $100 million. The 2004 total was a 28% increase from our 2003 sales of $78.3 million. The Company 

sold all of the interests available in the last three partnerships, and could have sold more had they been available. 

PDC limits its partnership sales based on the prospect inventory and the oilfield services available in our drilling areas. 

We registered a total of $115 million of interests for sale in 2005. Investor interest in the partnerships has increased in the 

past several years as natural gas and oil prices have climbed to historically high levels. While it is impossible to predict 

partnership sales with certainty, based on recent results we believe it is likely that we will sell the full $115 million we plan to 

offer in 2005. Using our profits and other capital, we purchase an interest in each partnership for the Company. We manage 

the drilling of wells for the Company-sponsored partnerships and others, and charge a mark-up over the cost of drilling the 

wells, earning a profit on the activity. By investing the profit from managing the drilling of the wells, we can accelerate our 

growth of reserves and production. 

PDC and its partners realize some mutual benefits through our combined efforts such as economies of scale in buying 

goods and services, since our combined purchases are greater than either entity could realize alone. We also have access to 

prospects that might not be available without the joint activity. And since we are the largest investor in each partnership, 

Operations Review
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the partnership investors have greater assurance that we will drill the best wells possible. Like the 2004 Partnerships, PDC’s 

2005 drilling programs focus on two development areas in Colorado — Wattenberg Field in the Denver Basin to the east and 

Grand Valley Field in the Piceance Basin to the west. 

After PDC drills and completes the wells, it continues to provide additional services to investors, including well operations 

and natural gas marketing. 

Oil and Gas Sales

Over the years, the Company has acquired interests in producing wells through purchases of existing wells and by drilling 

new wells. Our financial statements reflect the results of the sale of oil and natural gas from our interest in these wells as 

Oil and Gas Sales. Oil and Gas Sales are determined by the amount of oil and gas produced by the Company’s interest 

in the wells and the price we receive for the oil and gas we sell. The expenses associated with Oil and Gas Sales are the 

costs of operating our share of the wells (including severance and ad valorem taxes). Revenue for Oil and Gas Sales in 

2004 was $67.9 million, up 44% from $47.0 million in 2003. 

A key operating goal is to continue increasing our oil and natural gas production, and thus our Oil and Gas Sales. As 

the graph below shows, our production increased from 10.4 Bcfe to 12.7 Bcfe between 2003 and 2004, a respectable 

21% increase. 

The majority of our production is natural gas. In 2004, we produced a total of 10.4 Bcf of natural gas, or 82% of our 

total equivalent production. Oil production in 2004 was 381 MBbls, the equivalent of 2.3 Bcf. In addition to the record 

production results, PDC also enjoyed strong oil and gas prices during 2004. The average price we received for natural gas 

$100
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In 2004, PDC received markedly stronger 
contributions from each of our four 

business segments.
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in 2004 increased to $5.26 per Mcf from $4.42 per Mcf in 2003, and the average price of oil sold increased to $35.13 per 

barrel from $29.39 per barrel in 2003. 

Natural Gas Marketing

Riley Natural Gas Company (RNG), a wholly owned subsidiary of the Company, engages in marketing of natural gas for 

both PDC and for other oil and gas companies, primarily in Appalachia, Michigan and the NECO Area in Colorado. 

RNG purchases gas from producers and resells it to end users, utilities and other marketing companies. Higher volumes 

of gas marketed by RNG in 2004 along with higher commodity prices resulted in a revenue increase from $73 million in 

2003 to $93 million in 2004. With stronger prices, RNG slightly increased its sales margin. As a result, operating income 

for the segment increased sharply from $689,000 to $1,324,000. RNG also provides marketing services for PDC production 

in its other producing areas.

 

Well Operations  

In addition to drilling wells and marketing natural gas for others, we also provide well operating services to our 

partnerships and other investors and participants in wells. We charge a competitive fee for these services that allows us 

to earn a profit. As we continue to drill new wells for the partnerships and others, and when we acquire wells that have 

other owners, we continue to add to the volume of the well operating services we provide. In 2004 we recorded revenues 

of $8.4 million for these activities, up from $7.3 million in 2003.

Acquisitions

While not an operating segment, acquisitions help boost reserves and production. During 2003, PDC made three significant 

acquisitions of producing properties. These acquisitions helped PDC increase production and oil and gas sales in 2004. 

With the intense interest in oil and gas properties, there were more participants and money seeking opportunities in 

2004 than in prior years. As a result, we were not successful in adding to our operation through acquisitions in 2004. We 

will continue to look for properties that can be purchased for a price that will help us to increase the future profitability of 

the Company.
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Petroleum Development Corporation conducts oil and natural gas operations in seven states divided by the Company into 

three regions; the Rocky Mountains, Appalachian Basin, and Michigan. Combined, the operations include almost 2,700 

gross wells with equivalent gross proved reserves of 459 Bcfe. On average we own about 51% of the working interest in the 

wells. The Company has drilled most of the wells in which it owns an interest and operates nearly all of the wells.

Rocky Mountains Region

PDC’s Evans, Colorado field office, about 40 miles northeast of Denver, serves as our local base of operations. Our 

Rocky Mountains operations focus on Wattenberg Field and the NECO area in the Denver Basin, and Grand Valley 

Field in the Piceance Basin. Currently we plan to continue to concentrate our 2005 development drilling activity in these 

three Colorado fields. We will evaluate additional acquisitions and internally generated opportunities in the Rockies to 

continue growing our prospect inventory for the future.

Rapid reserve and production growth in our Rocky Mountains region continued in 2004. All 157 development wells drilled 

by the Company in 2004 were drilled in the Rockies, and with only four dry holes. Since adding the Rockies as a new 

core area in 1999, we have tried to capitalize on select development opportunities. In 2004, these opportunities included 

recompleting old wells and drilling new development wells.

 

We began recompleting Wattenberg Field Codell wells in 2000 with a 10-well program. Since then we have recompleted 

over 100 wells with almost universally good results including 42 wells in 2004.  In 2005, we plan to recomplete as many of 

the remaining wells from the original purchases as possible, approximately 65 in total. 

Strong energy prices also increased the attractiveness of completing behind-pipe zones in the Appalachian Basin. We 

opened new producing zones in 10 wells during 2004. These low-cost completions a particularly effective use of our 

investment dollars.

Also during 2004, we began adding to the Company’s proved reserves and production through infill drilling on our NECO 

properties in Northeast Colorado.  We drilled a total of 20 NECO wells here in the fourth quarter 2004 and plan to drill 

about 70 wells in 2005. 

During the fourth quarter of 2004 we drilled a 12,000’ exploratory well in Sand Wash Basin in the northwest corner 

of Colorado. The well, with a cost to date of $4.4 million, tests the Almond Formation. Because of drilling equipment 

problems, we finished drilling and completion later than expected and began testing the well when winter access 

stipulations for the area forced us to shut down until the end of the second quarter of 2005. Until then, we can’t classify 

the well as successful or dry. If it, or any of our exploratory wells, is dry we will be required to write off the entire 

investment. If that happens it will reduce our profitability for the quarter and the year.

Areas of Operations
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We are continuing the exploratory program in 2005 and have additional wells are planned in our Rockies operating areas, 

including wells in Sand Wash Basin depending on results of initial wells. Drilling operations are currently underway on 

a second exploratory test well in northwestern Colorado in the Sand Wash Basin.

Denver Basin, the NECO area

Yuma & Washington Counties, Colorado and Cheyenne County, Kansas

In April 2003, PDC purchased a majority interest in almost 260 wells in Washington and Yuma counties in the eastern 

part of the Denver Basin, and across the state border in Kansas. In 2004, we received approval for infill drilling in Beecher 

Island and Republican Fields resulting in approximately 80 to 100 additional development well locations. These shallow 

gas wells, typically drilled on 40-acre spacing, offer low drilling and development costs and predictable results with little 

dry hole risk. 

The NECO Area Profile

2004 Activity

• Drilled 20 infill wells

• Continued adding to acreage position

• Developed new prospects for additional drilling

2005 Plans

• Drill up to approximately 70 shallow Niobrara infill and field extension wells

• Seek additional acquisition opportunities and undeveloped acreage

•  Identify additional new prospect areas for future development

CO KS

WY

NE

Grand Valley Field

2004 Total Rocky Mountains Region Reserves

  Gas (MMcf)  Oil (MBbl) 
Proved Developed  79,873  3,090
Proved Undeveloped 50,767    126
SEC PV-10 $234 million

Denver Basin

Wattenberg Field

Denver

Piceance Basin

Production by Region (MMcfe)
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Appalachian
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Denver Basin / Wattenberg Field 

Wattenberg Field, Weld County, Colorado

PDC began Wattenberg Field operations in the fourth quarter of 1999 with initial drilling operations, the acquisition 

of 53 producing wells and added another 168 producing wells in April 2000. We obtained development locations along 

with those acquisitions and through several other farmout agreements. While establishing our prospect inventory, we 

began an active Wattenberg Field development program. During 2004, we continued that program with 97 successful 

new wells. At the end of 2004, we had a total of 610 producing wells in Wattenberg Field, all of which we operate. 

Wattenberg Field continues to play a major role in our future drilling plans. We expect to drill another 80 to 90 in 

the field during 2005. While most new wells will be Codell Formation tests, we will include some J-Sand, D-Sand and 

Dakota wells. 

PDC’s recompletion program on some of our purchased Wattenberg Field wells is one example of how we add great 

value to existing production with minimal investment. Codell wells can experience substantial increases in production 

levels by recompleting the Codell after a five- to 10-year producing period. We continued the cost-effective recompletion 

program in 2004 with 42 additional recompletions, and plan to accelerate the program in 2005 with about 65 planned 

recompletions.

Piceance Basin / Grand Valley Field

Garfield County, Colorado

In December 1999, PDC signed a lease for the right to develop the 7,500-acre Puckett lease in Garfield County, Colorado, 

our first step in preparing to drill in Grand Valley. Since then, we have added to our lease position through several 

transactions. As a result, we have access to approximately 14,000 acres in the gas-rich Grand Valley Field of the Piceance 

Basin. During 2004, we drilled 36 successful new wells and no dry holes. Our 2005 drilling plans include continued 

development of our Grand Valley Field acreage position. We expect to drill 35 to 45 new wells in the field during 2005. 

Our plans call for about half of our Company and partnership investment to be directed to the area. Our extensive acreage 

position in the area provides us with numerous, quality drilling opportunities. Strong natural gas prices forecasted for 2005, 

even considering seasonal price differentials in the Rockies, provide for compelling overall economics.
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Piceance Basin / Grand Valley Field Denver Basin / Wattenberg Field

Denver

Greeley

Wattenberg Field Profile (20% to 40% WI)

• Infill development drilling

• Production targets from about 6,500’ to 8,500’

• Niobrara, Codell, J-Sand and Dakota formations

• 100 or more development locations available

• PDC operates over 610 Wattenberg Field wells

• Wells produce gas/oil mixture

• Constitutes a majority of PDC’s oil production

2004 Activity

• Drilled 97 successful new wells with four dry holes 

• Strong prospect inventory

2005 Plans

• Drill 80 to 90 new wells

• Currently have drilling rights to more than 100  additional 

Wattenberg sites for 2005 and beyond

• Seek additional acquisition opportunities and  undeveloped 

drilling locations 
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Grand Valley Field Profile (20% to 50% WI)

• Leases on over 14,000 acres available for development as of 

the end of 2004

• Well depths range from 6,000’ to 10,000’

• Williams Fork and Cameo formations

• 2,000’ gross producing interval includes 150’ to 300’  of net 

pay in numerous stacked-channel sandstone sequences

• 40-acre spacing, with infill drilling on 20s

• PDC drilled 100th Grand Valley well in early 2005

2004 Activity

• PDC drilled 36 successful wells and no dry holes

• Initial producing rates for wells average about 700 Mcf/d

• Sought additional acquisition opportunities and undeveloped 

drilling locations

2005 Plans

• Drill 35 to 45 new wells (20% to 50% WI)

• Seek additional acquisition opportunities and 

undeveloped acreage 

Areas of Operations
6S 97W

6S 96W

7S 96W
7S 97W

6S 97W
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MI

Areas of Operations

Michigan Basin

Antrim Shale, Michigan

PDC commenced Michigan drilling operations in 1997. At year-end 2004, PDC had 204 producing wells in Michigan 

and we produced 1.76 Bcfe during 2004. No new wells were drilled in Michigan during the year. The Antrim shale is 

generally located at shallower depths of approximately 1,000 feet in productive areas. Economic gas reserves are found 

in areas of fractured shale that is initially water-filled. Dewatering is necessary before gas production can begin from 

fractured shale. After dewatering is complete, production peaks and the wells begin a long, gradual decline. As with 

Appalachian Basin wells, Michigan wells tend to enjoy long and predictable productive lives exceeding 20 years. We have 

no current plans for additional drilling operations in the region.

Appalachian Basin

West Virginia and Pennsylvania

In 2004, PDC’s Appalachian Basin properties contributed about 14.5% of PDC’s total production. Most West Virginia 

properties are located in the north-central part of the state in close proximity to our Bridgeport headquarters. A second 

concentration of Appalachian wells is located in west-central Pennsylvania, with a field office located in Mahaffey, Pa. 

Most of our Pennsylvania wells have been drilled or acquired since 1995. 

At the end of 2004, we operated 1,476 wells in the Appalachian region. Our Appalachian region production was 1.84 

Bcfe during 2004. We did not drill any wells in the region during 2004. Most PDC wells in the region are Devonian 

and Mississippian aged sandstones and siltstones. Low decline rates and productive lives exceeding 25 to 30 years are 

common, providing an excellent production base that can be accurately forecasted due to a flat, per-well decline curve. 

Appalachian natural gas production typically sells at a premium compared to gas produced in most other areas because 

of its proximity to major northeast U.S. gas markets. 

During 2004, PDC’s subsidiary Riley Natural Gas was involved in wholesale and retail purchases and sales of natural 

gas in the Appalachian area, as well as Michigan and Northeast Colorado. RNG is a natural gas marketing company 

operating out of our Bridgeport headquarters. RNG purchases gas from more than 100 unaffiliated producers and resells 

the gas to end-users and other marketers. During 2004, RNG marketed $120.3 million of natural gas, or 19 Bcf, for 

PDC and other producers. RNG also manages our gas marketing activities in the Rockies and our oil and natural gas 

hedging activities.
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Safe Harbor Statement Under the Private Securities Litigation Reform Act of 1995

Statements, other than historical facts, contained in this Annual Report on Form 10-K, including statements of estimated oil and 

gas production and reserves, drilling plans, future cash flows, anticipated capital expenditures and Management’s strategies, plans 

and objectives, are “forward-lookingstatements” within the meaning of Section 27A of the Securities Act of 1933, as amended, and 

Section 21E of the Securities Exchange Act of 1934, as amended.  Although the Company’s management believes that its forward-

lookingstatements are based on reasonable assumptions, it cautions that such statements are subject to a wide range of risks and 

uncertainties incidental to the exploration for, acquisition, development and marketing of oil and gas, and it can give no assurance 

that its estimates and expectations will be realized.  Important factors that could cause actual results to differ materially from the 

forward-looking statements include, but are not limited to, changes in production volumes, worldwide demand, and commodity 

prices for petroleum natural resources; the timing and extent of the Company’s success in discovering, acquiring, developing and 

producing oil and gas reserves; the Company’s ability to acquire leases and drilling rigs at reasonable prices; the Company’s ability 

to raise funds through its Partnership Drilling Programs;  risks incident to the drilling and operation of oil and gas wells; future 

production and development costs; the effect of existing and future laws, governmental regulations and the political and economic 

climate of the United States; the effect of hedging activities; and conditions in the capital markets.  Other risk factors are discussed 

elsewhere in this Form 10-K.

Results of Operations

Management Overview

The Company had record revenues and income for 2004. High oil and natural gas prices in combination with record Company 

production were the largest contributors to both income and cash flow. The high energy prices increased the Company’s revenues 

both for sales of Company-owned production and for gas purchased and sold by Riley Natural Gas, our natural gas marketing 

subsidiary. Management also believes that high energy prices made the Company’s partnership investment programs more attractive 

to investors resulting in a significant increase in the sale of program interests.   This resulted in an increase of drilling activity, 

revenues, and gross profit for the drilling and development segment.  The new wells drilled for the partnerships also led to an 

increase in revenues for operating wells for the partnerships and others. 

The higher level of partnership investments also increased the costs associated with the drilling and development and well operations 

activities since more goods, services and other costs were required to drill and produce the greater number of wells. Similarly higher 

oil and natural gas prices also increased the cost of purchasing gas for resale by Riley Natural Gas.

Increased profitability and cash flow from operations allowed the Company to reduce its long term debt and to continue to invest 

in capital projects. The majority of capital investment was for oil and gas drilling and development activities. The Company also 

constructed an office building in Colorado for the Company’s field operations in the area. 

Year Ended December 31, 2004 Compared with December  31, 2003

Revenues
Total revenues for the year ended December 31, 2004 were $290.7 million compared to $202.9 million for the year ended December 

31, 2003, an increase of approximately $87.8 million, or 43.3 percent. The increase was a result of increased drilling revenues, gas 

sales from natural gas marketing activities, oil and gas sales and well operations and pipeline income. 

Management’s Discussion and Analysis of Financial Condition 
and Results of Operations
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MI

WV

PA

OH

Appalachian BasinMichigan Basin

Michigan Basin Profile

• Fractured shale, dewatered and produced similar to coalbed 

methane wells

• PDC operates 204 wells

• Well depths of approximately 1,000’

• Represents about 13.9% of PDC’s 2004 total production

2004 Activity

• No new wells drilled

2004 Michigan Reserves

  Gas (MMcf)  Oil (MBbl)

Proved Developed      24,895  52

Proved Undeveloped      630           0

2005 Plans

• Maximize existing production

Appalachian Basin Profile

• PDC’s original operating area

• 1,476 wells operated

• Production from long-lived Mississippian and Devonian 

tight formations

• Represents about 14.5% of PDC’s 2004 total production

2004 Appalachian Reserves

 Gas (MMcf)  Oil (MBbl) 

Proved Developed  41,384 48 

2005 Plans

• Additional zone completions - workovers

• Maximize existing production

Corporate Headquarters
Field OfficeField Office
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Income Statement   2004 2003 2002 2001 2000  1999  1998  1997  1996  1995   
Revenues
 Oil and Gas Well Drilling Operations    $ 119,211 $ 71,841 $ 57,149 $ 76,291 $ 43,195 $ 42,116 $ 40,447 $ 34,405 $ 18,698 $ 13,941   
 Gas Sales from Marketing Activities     93,231  73,141  46,366  66,208  68,970  36,605  27,598  25,742  18,684  -
 Oil and Gas Sales     67,948  47,022  22,857  25,888  21,450  10,383  7,962  7,648  7,367  4,151      
 Well Operations Income     8,384  7,348  6,116  5,604  5,062  5,314  4,581  4,509  3,929  3,751      
 Other Income     1,946  3,499  2,854  3,132  2,540  2,392  2,385  1,573  936  504      
Total Revenues     290,720  202,851  135,342  177,123  141,217  96,811  82,974  73,878  49,614  22,346      
Costs and Expenses (Excluding Interest and 
 Depreciation, Depletion, and Amortization)     217,285  152,445  108,817  144,469  118,813  82,496  71,095  61,220  42,274  18,042
Interest Expense     874  1,329  1,340  993  1,186  182  –  316  380  320      
Depreciation, Depletion and Amortization     17,958  14,153  12,103  10,578  6,944  4,031  3,254  2,660  2,310  2,152        
Income Before Cumulative Effect of Change in Accounting Principles   34,061  22,818  9,285  14,968  10,681  7,824  6,658  7,587  3,549  1,481
Cumulative Effect of Change in Accounting Principles Net of Income Taxes  –  (199)  –  –  –  –  –  –  –  –
Reported Net Income    $ 34,061 $ 22,619 $ 9,285 $ 14,968 $ 10,681 $ 7,824 $ 6,658 $ 7,587 $ 3,549 $ 1,481    
Per Share
 Net Income    $ 2.10 $ 1.45 $ 0.59 $ 0.92 $ 0.66 $ 0.50 $ 0.43 $ 0.67 $ 0.34 $ 0.13    
 Fully Diluted Net Income     2.05  1.39  0.58  0.90  0.65  0.48  0.41  0.61  0.31  0.13        
Weighted Average Common Shares Outstanding (Diluted)    16,647  16,298  16,143  16,640  16,437  16,287  16,338  12,540  11,542  11,611    

Balance Sheet
Total Current Assets    $ 120,630 $ 111,368 $ 71,659 $ 64,705 $ 78,753 $ 42,260 $ 44,009 $ 53,859 $ 28,619 $ 13,157   
Property and Equipment     308,348  265,864  195,259  178,350  141,299  118,349  92,747  67,792  56,962  48,240      
 Less Accumulated Depreciation, Depletion,  and Amortization    88,341  71,182  57,144  45,810  35,345  31,207  27,357  24,223  22,522  21,127      
Net Property and Equipment     220,007  194,682  138,115  132,540  105,954  87,142  65,390  43,569  34,440  27,113      
Total Assets     341,393  306,722  212,252  199,852  187,685  132,084  111,409  98,412  63,604  40,620
   Working Capital     (536)  6,231  1,771  3,420  781  (2,504)  1,633  16,483  (2,357)  (1,520)      
Long-Term Debt, Excluding Current Maturities    $ 21,000 $ 53,000 $ 25,000 $ 28,000 $ 17,350 $ 9,300 $ – $ – $ 5,320 $ 2,500   
Total Shareholders’ Equity    $ 164,673 $ 123,605 $ 101,122 $ 96,773 $ 82,257 $ 70,725 $ 62,747 $ 55,766 $ 23,072 $ 19,921    
Long-Term Debt to Shareholders’ Equity    12.8%  42.9%  24.7%  28.9%  21.1%  13.1%  0%  0%  23.1%  12.5%      
Net Income    $ 34,061 $ 22,619 $ 9,285 $ 14,968 $ 10,681 $ 7,824 $ 6,658 $ 7,587 $ 3,549 $ 1,481   
 Deferred Taxes     10,444  8,871  2,986  4,002  1,838  109  244  108  214  113      
 DD&A     17,958  14,153  12,103  10,578  6,944  4,031  3,254  2,660  2,310  2,152      
Adjusted Cash Flow*     62,463  45,643  24,374  29,548  19,463  11,964  10,156  10,355  6,073  3,746      
 Interest     874  1,329  1,340  993  1,186  182  –  316  380  320      
Current Income Taxes     10,099  3,235  811  2,113  1,754  2,168  1,723  1,987  887  238      
EBITDA    $ 73,436 $ 50,207 $ 26,525 $ 32,654 $ 22,403 $ 14,314 $ 11,879 $ 12,658 $ 7,340 $ 4,304

PDC set a new annual production record of 12.7 Bcfe in 2004, a 21% increase from our 2003 production of 10.4 Bcfe. New 

wells and Wattenberg Field and Appalachian recompletions all contributed to healthy production growth.  The Company 

drilled 158 new wells in 2004 with only four dry holes. Net earnings in 2004 were $34.1 million, or $2.05 per diluted share. 

Our Adjusted Cash Flow from operations totaled $62.5 million in 2004. Capital expenditures during 2004 totaled $42.2 

million financed with cash flow from operations. In addition strong cash flow from operations allowed us to reduce long 

term debt by $32 million.  At year-end, long-term debt was $21 million. 

* Adjusted Cash Flow – The United States Securities and Exchange Commission has disclosure requirements for public companies allowing references to Non-
GAAP financial measures to be provided if the Company explains the relevance of the information. The Company must also reconcile the Non-GAAP financial 
measure to related GAAP information. “Adjusted Cash Flow” is a Non-GAAP financial measure provided by PDC in this annual report. Adjusted Cash Flow 
is net income before deferred income taxes, depreciation, depletion, and amortization. PDC believes Adjusted Cash Flow is relevant because it is a measure of 
cash available to fund the Company’s capital expenditures and to service its debt. PDC also believes Adjusted Cash Flow is a valuable measure for estimating the 
value of the Company’s operations.
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Income Statement   2004 2003 2002 2001 2000  1999  1998  1997  1996  1995   
Revenues
 Oil and Gas Well Drilling Operations    $ 119,211 $ 71,841 $ 57,149 $ 76,291 $ 43,195 $ 42,116 $ 40,447 $ 34,405 $ 18,698 $ 13,941   
 Gas Sales from Marketing Activities     93,231  73,141  46,366  66,208  68,970  36,605  27,598  25,742  18,684  -
 Oil and Gas Sales     67,948  47,022  22,857  25,888  21,450  10,383  7,962  7,648  7,367  4,151      
 Well Operations Income     8,384  7,348  6,116  5,604  5,062  5,314  4,581  4,509  3,929  3,751      
 Other Income     1,946  3,499  2,854  3,132  2,540  2,392  2,385  1,573  936  504      
Total Revenues     290,720  202,851  135,342  177,123  141,217  96,811  82,974  73,878  49,614  22,346      
Costs and Expenses (Excluding Interest and 
 Depreciation, Depletion, and Amortization)     217,285  152,445  108,817  144,469  118,813  82,496  71,095  61,220  42,274  18,042
Interest Expense     874  1,329  1,340  993  1,186  182  –  316  380  320      
Depreciation, Depletion and Amortization     17,958  14,153  12,103  10,578  6,944  4,031  3,254  2,660  2,310  2,152        
Income Before Cumulative Effect of Change in Accounting Principles   34,061  22,818  9,285  14,968  10,681  7,824  6,658  7,587  3,549  1,481
Cumulative Effect of Change in Accounting Principles Net of Income Taxes  –  (199)  –  –  –  –  –  –  –  –
Reported Net Income    $ 34,061 $ 22,619 $ 9,285 $ 14,968 $ 10,681 $ 7,824 $ 6,658 $ 7,587 $ 3,549 $ 1,481    
Per Share
 Net Income    $ 2.10 $ 1.45 $ 0.59 $ 0.92 $ 0.66 $ 0.50 $ 0.43 $ 0.67 $ 0.34 $ 0.13    
 Fully Diluted Net Income     2.05  1.39  0.58  0.90  0.65  0.48  0.41  0.61  0.31  0.13        
Weighted Average Common Shares Outstanding (Diluted)    16,647  16,298  16,143  16,640  16,437  16,287  16,338  12,540  11,542  11,611    

Balance Sheet
Total Current Assets    $ 120,630 $ 111,368 $ 71,659 $ 64,705 $ 78,753 $ 42,260 $ 44,009 $ 53,859 $ 28,619 $ 13,157   
Property and Equipment     308,348  265,864  195,259  178,350  141,299  118,349  92,747  67,792  56,962  48,240      
 Less Accumulated Depreciation, Depletion,  and Amortization    88,341  71,182  57,144  45,810  35,345  31,207  27,357  24,223  22,522  21,127      
Net Property and Equipment     220,007  194,682  138,115  132,540  105,954  87,142  65,390  43,569  34,440  27,113      
Total Assets     341,393  306,722  212,252  199,852  187,685  132,084  111,409  98,412  63,604  40,620
   Working Capital     (536)  6,231  1,771  3,420  781  (2,504)  1,633  16,483  (2,357)  (1,520)      
Long-Term Debt, Excluding Current Maturities    $ 21,000 $ 53,000 $ 25,000 $ 28,000 $ 17,350 $ 9,300 $ – $ – $ 5,320 $ 2,500   
Total Shareholders’ Equity    $ 164,673 $ 123,605 $ 101,122 $ 96,773 $ 82,257 $ 70,725 $ 62,747 $ 55,766 $ 23,072 $ 19,921    
Long-Term Debt to Shareholders’ Equity    12.8%  42.9%  24.7%  28.9%  21.1%  13.1%  0%  0%  23.1%  12.5%      
Net Income    $ 34,061 $ 22,619 $ 9,285 $ 14,968 $ 10,681 $ 7,824 $ 6,658 $ 7,587 $ 3,549 $ 1,481   
 Deferred Taxes     10,444  8,871  2,986  4,002  1,838  109  244  108  214  113      
 DD&A     17,958  14,153  12,103  10,578  6,944  4,031  3,254  2,660  2,310  2,152      
Adjusted Cash Flow*     62,463  45,643  24,374  29,548  19,463  11,964  10,156  10,355  6,073  3,746      
 Interest     874  1,329  1,340  993  1,186  182  –  316  380  320      
Current Income Taxes     10,099  3,235  811  2,113  1,754  2,168  1,723  1,987  887  238      
EBITDA    $ 73,436 $ 50,207 $ 26,525 $ 32,654 $ 22,403 $ 14,314 $ 11,879 $ 12,658 $ 7,340 $ 4,304

in thousands, except per share amounts

PDC’s earnings and cash flow from operations increased to new Company records in 2004.  Several factors contributed 

to the increases.  Revenue and income from sales of oil and gas from Company interests in wells increased due to higher 

natural gas production and prices in 2004.  The average sales prices for our production in 2004 were $5.26 per Mcf of natural 

gas and $35.13 per barrel of crude oil.  This compares to $4.42 per Mcf of gas and $29.39 per barrel of oil in 2003.  The 

resulting average price per Mcfe was $5.37 in 2004 compared to $4.50 per Mcfe in 2003.  Higher natural gas prices were the 

main catalyst for the increase in PDC’s revenue from gas marketing activities.  Drilling revenue and income from partnership 

activities increased in 2004 as the last three of our four partnership offerings sold out for total sales of $100 million.  We 

began 2005 with a carry-over of $42.5 million in undrilled partnership funds.  These wells will be drilled and completed in 

the first quarter of 2005. We also sold out our first 2005 partnership with $40 million in subscriptions in January. 

10-Year Financial Data
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Estimated Oil and Gas Reserves   2004 2003 2002 2001 2000  1999  1998  1997  1996  1995  
Proved Developed Reserves
 Natural Gas (MMcf)    146,152  134,936  94,847  88,477  92,131  82,628  64,562  42,411  35,516  29,326    
 Oil (MBbl)    3,190  2,889  1,849  1,801  1,527  798  29  45  81  140  
 Total (MMcfe)    165,292  152,270  105,941  99,283  101,293  87,416  64,736  42,681  36,002  30,166  
Total Reserves  
 Natural Gas (MMcf)    197,549  180,998  128,851  118,608  118,640  101,245  80,819  57,243  43,312  33,829   
Oil (MBbl)    3,316  3,029  2,073  2,126  2,166  1,154  29  45  81  140     
 Total (MMcfe)    217,445  199,172  141,289  131,364  131,636  108,169  80,993  57,513  43,798  34,669 
Percent Proved Developed    76%  76%  75%  76%  77%  81%  80%  75%  82%  87%   
SEC PV-10 After Tax (000)   $ 234,235 $ 217,290 $ 98,469 $ 46,439 $ 104,639 $ 58,454 $ 30,194 $ 27,936 $ 34,262 $ 21,060   

Oil and Gas Operations
Production    
 Natural Gas (MMcf)    10,372  8,712  6,462  6,085  5,737  3,451  2,453  1,810  1,495  1,336    
 Oil (MBbl)    381  289  227  195  109  8  8  9  7  11  
 Total (MMcfe)    12,658  10,446  7,824  7,255  6,391  3,499  2,501  1,864  1,537  1,402  

Average Sales Price
 Natural Gas (per Mcf)   $ 5.26 $ 4.42 $ 2.68 $ 3.53 $ 2.74 $ 2.46 $ 2.46 $ 2.88 $ 3.04 $ 1.75   
 Oil (per Bbl)   $ 35.13 $ 29.39 $ 24.41 $ 22.53 $ 29.99 $ 18.75 $ 10.61 $ 16.10 $ 16.35 $ 15.80   
 Natural Gas Equivalents (per Mcfe)   $ 5.37 $ 4.50 $ 2.92 $ 3.57 $ 2.98 $ 2.47 $ 2.45 $ 2.87 $ 3.03 $ 1.79   

Lease Operating Expenses and  Production Taxes (per Mcfe)  $ 1.18 $ 0.98 $ 0.82 $ 0.83 $ 0.66 $ 0.69 $ 0.61 $ 0.65 $ 0.63 $ 0.58   
Operating Margin Percentage  (EBITDA / Operating Revenues)   25%  25%  20%  18%  16%  15%  14%  17%  15%  19% 
Depreciation, Depletion and  Amortization Costs (per Mcfe)  $ 1.30 $ 1.24 $ 1.42 $ 1.33 $ 0.94 $ 0.92 $ 0.96 $ 0.87 $ 0.81 $ 0.71    
Wells Operated    2,671  2,530  2,169  2,142  2,024  1,796  1,601  1,281  1,150  889     
Net Wells Owned    1,363  1,371  1,083  1,089  1,052  869  692  505  481  309 
Average Ownership in Operated Wells    51%  52%  50%  51%  52%  48%  43%  39%  42%  35% 

Drilling
Gross Wells    
 Exploratory     1  1  –  –  –  5  1  –  –  – 
 Development     157  110  70  141  97  173  212  168  97  72  
 Dry Hole    4  1  –  6  –  13  12  10  5  8
 Success Rate    97%  99%  100%  96%  100%  93%  94%  94%  95%  89%  
Production Replacement, All Sources (%)    244%  654%  227%  390%  467%  877%  1,039%  836%  694%  241%     

Drilling success, increased production and higher reserves are the highlights of 2004’s operating results. We drilled a total 

of 157 development wells in 2004, and all but four of them were completed as producing wells.  Production increased 

21% and reserves increased 9.0% through a combination of drilling, well recompletions and acquisitions.  Higher gas and 

oil prices magnified the impact of increased production from a financial perspective, as the average gas price we received 

increased from $4.42 per Mcf in 2003 to $5.26 per Mcf in 2004. PDC continues to be one of the most active drillers 

among small independents. We now operate over 2,700 wells in our three core areas. Our $42.2 million capital budget 

10-Year Operating Data
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Estimated Oil and Gas Reserves   2004 2003 2002 2001 2000  1999  1998  1997  1996  1995  
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 Oil (MBbl)    3,190  2,889  1,849  1,801  1,527  798  29  45  81  140  
 Total (MMcfe)    165,292  152,270  105,941  99,283  101,293  87,416  64,736  42,681  36,002  30,166  
Total Reserves  
 Natural Gas (MMcf)    197,549  180,998  128,851  118,608  118,640  101,245  80,819  57,243  43,312  33,829   
Oil (MBbl)    3,316  3,029  2,073  2,126  2,166  1,154  29  45  81  140     
 Total (MMcfe)    217,445  199,172  141,289  131,364  131,636  108,169  80,993  57,513  43,798  34,669 
Percent Proved Developed    76%  76%  75%  76%  77%  81%  80%  75%  82%  87%   
SEC PV-10 After Tax (000)   $ 234,235 $ 217,290 $ 98,469 $ 46,439 $ 104,639 $ 58,454 $ 30,194 $ 27,936 $ 34,262 $ 21,060   

Oil and Gas Operations
Production    
 Natural Gas (MMcf)    10,372  8,712  6,462  6,085  5,737  3,451  2,453  1,810  1,495  1,336    
 Oil (MBbl)    381  289  227  195  109  8  8  9  7  11  
 Total (MMcfe)    12,658  10,446  7,824  7,255  6,391  3,499  2,501  1,864  1,537  1,402  

Average Sales Price
 Natural Gas (per Mcf)   $ 5.26 $ 4.42 $ 2.68 $ 3.53 $ 2.74 $ 2.46 $ 2.46 $ 2.88 $ 3.04 $ 1.75   
 Oil (per Bbl)   $ 35.13 $ 29.39 $ 24.41 $ 22.53 $ 29.99 $ 18.75 $ 10.61 $ 16.10 $ 16.35 $ 15.80   
 Natural Gas Equivalents (per Mcfe)   $ 5.37 $ 4.50 $ 2.92 $ 3.57 $ 2.98 $ 2.47 $ 2.45 $ 2.87 $ 3.03 $ 1.79   

Lease Operating Expenses and  Production Taxes (per Mcfe)  $ 1.18 $ 0.98 $ 0.82 $ 0.83 $ 0.66 $ 0.69 $ 0.61 $ 0.65 $ 0.63 $ 0.58   
Operating Margin Percentage  (EBITDA / Operating Revenues)   25%  25%  20%  18%  16%  15%  14%  17%  15%  19% 
Depreciation, Depletion and  Amortization Costs (per Mcfe)  $ 1.30 $ 1.24 $ 1.42 $ 1.33 $ 0.94 $ 0.92 $ 0.96 $ 0.87 $ 0.81 $ 0.71    
Wells Operated    2,671  2,530  2,169  2,142  2,024  1,796  1,601  1,281  1,150  889     
Net Wells Owned    1,363  1,371  1,083  1,089  1,052  869  692  505  481  309 
Average Ownership in Operated Wells    51%  52%  50%  51%  52%  48%  43%  39%  42%  35% 

Drilling
Gross Wells    
 Exploratory     1  1  –  –  –  5  1  –  –  – 
 Development     157  110  70  141  97  173  212  168  97  72  
 Dry Hole    4  1  –  6  –  13  12  10  5  8
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in 2004 was effectively applied to increasing the assets of the Company, boosting oil and gas production to record levels 

of 12.7 Bcfe, a 21% from 2003’s 10.4 Bcfe. Colorado provided the production jump. The production increases resulted 

from new wells drilled in the second half of 2003 and in 2004, recompletions of Wattenberg Field Codell wells and 

completion of behind pipe formations in the Appalachian Basin.
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Forward-Looking Statement
Statements in this annual report that are not historical facts are forward-looking statements made pursuant to 

the safe harbor provisions of the Private Securities Reform Litigation Act of 1995. In this report forward-looking 

statements are generally accompanied by words such as “anticipate,” “believe,” “estimate,” “expect,” “forecast,” 

“intend,” “possible,” “potential,” “predict,” “project,” or  other similar words that convey the uncertainty of future 

events or outcomes. Although we believe these forward-looking statements are reasonable, they are based on a number of 

assumptions concerning future conditions, any or all of which may ultimately prove to be inaccurate. Forward-looking statements 

involve a number of risks and uncertainties. Some of the important factors that could cause results to materially differ from the 

forward-looking statements include:

• General economic, financial, and business conditions that affect the price of natural gas or crude oil;

• U.S. and worldwide crude oil and natural gas supply and demand;

• Local, national and worldwide variation in commodity prices of natural gas and crude oil;

• Actions and activities of competitors;

• Changes in statutes and regulations affecting our business;

• Unanticipated costs to comply with new and existing regulations;

• Delays or inability to obtain necessary permits;

• Differences between expected and actual production;

• Risks related to exploration and development drilling outcomes;

• Timely availability of required drilling services and materials;

• Actual compared to estimated reserves;

• Our success in replacing and developing new reserves;

• Actual production and profitability of past and future acquisitions;

• Sales and profitability of our drilling programs;

• Unanticipated changes in the level of operating expenses;

• Hazards common to operating facilities (including equipment malfunction, explosions, fire, oil spills and the effect of severe 

weather conditions);

• Changes in cost and availability of financing;

• Litigation to which we might be a party; and

• Our ability to implement our business strategy.

These factors and others that we have not specifically identified and may not anticipate could cause actual results to differ materially 

from those expressed in any forward-looking statements we make. All forward-looking statements in this report are expressly 

qualified in their entirety by the foregoing cautionary statement. In addition, we undertake no obligation to update any forward-

looking statements or the associated cautionary language to reflect changes in our expectations resulting from the new information 

or future events.
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Oil and Gas Well Drilling Revenue
Drilling revenues for the year ended December 31, 2004 were $119.2 million compared to $71.8 million for the year ended 

December 31, 2003, an increase of approximately $47.4 million or 66.0 percent. Such increase was due to the increased drilling 

funds raised through the Company’s Public Drilling Programs. The four drilling programs of 2004 raised $100 million compared to 

$78.3 million in 2003. We believe higher oil and natural gas prices and the resulting improved performance of our prior programs 

are the reasons for the increase in our drilling program sales. 

Natural Gas Marketing Activities
Natural gas sales from the marketing activities of Riley Natural Gas (RNG), the Company’s marketing subsidiary for the year 

ended December 31, 2004 were $93.2 million compared to $73.1 million for the year ended December 31, 2003, an increase of 

approximately $20.1 million or 27.5 percent. The increase was the result of significantly higher average natural gas sales prices and 

higher volumes sold. 

Oil and Gas Sales
Oil and gas sales from the Company’s producing properties for the year ended December 31, 2004 were $67.9 million compared 

to $47.0 million for the year ended December 31, 2003, an increase of $20.9 million or 44.5 percent. The increase was due to 

significantly higher volumes sold at substantially higher average sales prices of oil and natural gas. The volume of natural gas sold 

for the year ended December 31, 2004 was 10.4 million Mcf at an average price of $5.26 compared to 8.7 million Mcf at an average 

sales price of $4.42 per Mcf for the year ended December 31, 2003. Oil sales for the year ended December 31, 2004 were 381,000 

barrels at an average sales price of $35.13 per barrel compared to 289,000 barrels at an average sales price of $29.39 per barrel for the 

year ended December 31, 2003. 

Since no acquisitions were made in 2004, the increase in production resulted primarily from the new wells drilled by the Company 

in 2004, recompletions of Wattenberg Field wells, and completion of behind pipe zones in the Appalachian Basin. Also the three 

acquisitions made in 2003 contributed to the increase to the extent they were not owned for the full year of 2003, but were in 2004.

Oil and Gas Production
The Company’s oil and gas production by area of operations along with average sales price is presented below:

          Year Ended December 31, 2004          Year Ended December 31, 2003

 Natural  Natural Gas Natural  Natural Gas

 Oil Gas Equivalents Oil Gas Equivalents

 (Bbl) (Mcf) (Mcfe) (Bbl) (Mcf) (Mcfe)

Appalachian Basin 4,893 1,812,407 1,841,765 3,992  1,921,200  1,945,152 

Michigan Basin 5,786 1,728,435 1,763,151 6,627  1,832,737  1,872,499 

Rocky Mountains 370,482 6,831,032 9,053,924 278,874  4,958,245  6,631,489 

Total 381,161 10,371,874 12,658,840 289,493  8,712,182  10,449,140 

        

Average Price $ 35.13  $ 5.26  $ 5.37  $ 29.39  $ 4.42  $ 4.50 

Financial results depend upon many factors, particularly the price of natural gas and our ability to market our production effectively. 

In recent years natural gas and oil prices have been among the most volatile of all commodity prices. These price variations can 

have a material impact on our financial results. Natural gas prices in Colorado continue to trail prices which we receive for our 

Appalachian and Michigan gas which are based upon NYMEX.  The Company’s management believes the lower prices in the 

Rocky Mountains Region, including Colorado, resulted from increasing local supplies that exceeded the local demand and pipeline 



24 25

capacity available to move gas from the region. In 2003 a pipeline expansion project was completed, leading to improved natural gas 

prices in the region which reduced the local surplus. There is currently a substantial amount of drilling activity in the Rockies, and 

if future additions to the pipeline system are not made in a timely fashion it is possible that pipeline constraints could create a local 

oversupply situation in the future which could mean lower natural gas prices.  Like most other producers in the area we rely on major 

interstate pipeline companies to construct these facilities, so their timing and construction is not within our control. 

Oil and Gas Hedging Activities
Because of uncertainty surrounding natural gas prices we have used various hedging instruments to manage some of the impact of 

fluctuations in prices. Through October of 2006 we have in place a series of floors and ceilings on part of our natural gas production. 

Under the arrangements, if the applicable index rises above the ceiling price, we pay the counterparty, however if the index drops 

below the floor the counterparty pays us. During the three months ended December 31, 2004 the Company averaged natural gas 

volumes sold of 872,000 Mcf per month and oil sales of 31,000 barrels per month. The current positions in effect on the Company’s 

share of production by area are shown in the following table.

 Floors Ceilings

  Monthly  Monthly

  Quantity Contract Quantity Contract

Month Set Month MMBtu  Price MMBtu Price 

 NYMEX Based Hedges - (Appalachian and Michigan Basins)

5/04 Jan 2005 – Mar 2005 180,000 $ 5.67 90,000 $ 7.00

2/04 Apr 2005 – Oct 2005 122,000 $ 4.28 61,000 $ 5.00

3/05 Apr 2005 – Oct 2005 39,000 $ 5.75 19,500 $ 8.37

1/05 Nov 2005 – Mar 2006 156,000 $ 5.00 78,000 $ 8.50

3/05 Apr 2006 –Oct 2006 78,000 $ 5.50 39,000 $ 7.40

       

  Colorado Interstate Gas (CIG) Based Hedges (Piceance Basin)

5/04 Jan 2005 – Mar 2005 60,000 $ 5.04 30,000 $ 6.00

2/04 Apr 2005- Oct 2005 33,000 $ 3.10 16,000 $ 4.43

3/05 Apr 2005 – Oct 2005 38,000 $ 4.75 19,000 $ 8.12

1/05 Nov 2005 - Mar 2006 60,000 $ 4.50 30,000 $ 7.15

3/05 Apr 2006 – Oct 2006 42,000 $ 4.50 21,000 $ 7.25

      

  Colorado Interstate Gas (CIG) Based Hedges (Wattenberg)

7/04 Jan 2005 – Mar 2005 80,000 $ 5.00 40,000 $ 6.20

       

 NYMEX Based Hedges (NECO)

7/04 Jan 2005 – Mar 2005 150,000 $ 5.32 -  -   

2/04 Apr 2005 – Oct 2005 150,000 $ 4.26 75,000 $ 5.00

1/05 Nov 2005 - Mar 2006 150,000 $ 5.00 75,000 $ 8.45

       

 Oil – NYMEX Based (Wattenberg)

 Bbls Bbls

8/04 Jan 2005 – Dec 2005 15,000 $ 32.30 7,500 $ 40.00
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Well Operations, Pipeline and Other Income
Well operations and pipeline income for the year ended December 31, 2004 was $8.4 million compared to $7.3 million for the year 

ended December 31, 2003, an increase of approximately $1.1 million or 15.1 percent. The increase was due to an increase in the 

number of wells and pipeline systems operated by the Company for our public drilling programs as well as for  third parties. Other 

income for the year ended December 31, 2004 was $1.9 million compared to $3.5 million for the year ended December 31, 2003, 

a decrease of $1.6 million or 45.7 percent.  Other income in 2003 included $1.0 of life insurance proceeds. In 2004 the Company, 

for competitive reasons, lowered the management fee it charges to its drilling partnerships to 1-1/2% of subscriptions, from 2-1/2% 

of subscriptions.

Costs and Expenses
Costs and expenses for the year ended December 31, 2004 were $236.1 million compared to $167.9 million for the year ended 

December 31, 2003, an increase of approximately $68.2 million or 40.6 percent. The increase was primarily the result of increased 

cost of oil and gas well drilling operations, gas purchased for gas marketing activities, oil and gas production costs and depreciation, 

depletion and amortization. 

Oil and Gas Well Drilling Costs
Oil and gas well drilling operations costs for the year ended December 31, 2004 was $102.8 million compared to $61.3 million for 

the year ended December 31, 2003, an increase of approximately $41.5 million or 67.7 percent. The increase was due to the higher 

levels of drilling activity from our public drilling programs referred to above. In addition, the gross margin on the drilling activities 

for the year ended December 31, 2004 was 13.7% compared with 14.7% for the year ended December 31, 2003, a decrease in gross 

margin of approximately 1%. Such decrease was due to significantly increasing well drilling and completion costs, particularly the 

costs of fracturing and rising steel costs for casing and other well equipment. For the first two partnerships in 2005, the Company 

raised its turnkey rates charged to its Public Drilling Partnerships to reverse this declining trend.

Cost of Gas Marketing Activities
The cost of gas marketing activities for the year ended December 31, 2004 were $91.9 million compared to $72.4 million for the 

year ended December 31, 2003, an increase of $19.5 million or 26.9 percent. The increase was due to the significantly higher average 

prices of natural gas purchased and higher volumes purchased for resale. Income before income taxes for the Company’s natural gas 

marketing subsidiary improved from $689,000 for the year ended December 31, 2003 to $1,324,000 for the year ended December 31, 

2004. Based on the nature of the Company’s gas marketing activities, hedging did not have a significant impact on the Company’s 

net margins from marketing activities during either period. 

Oil and Gas Production Costs
Oil and gas production costs from the Company’s producing properties for the year ended December 31, 2004 were $18.0 million 

compared to $13.7 million for the year ended December 31, 2003, an increase of approximately $4.3 million or 31.4% percent. Such 

increase was due to the increased production costs and severance and property taxes on the increased volumes and higher sales prices 

of natural gas and oil sold, along with the increased number of wells and pipelines operated by the Company. Lifting cost per Mcfe 

increased from $.98 per Mcfe to $1.18 per Mcfe due to increased severance and property taxes on the significantly increased oil and 

gas sales prices along with additional well workovers and production enhancements work performed.

General and Administrative Costs
General and administrative expenses for the year ended December 31, 2004 decreased to $4.5 million compared with $4.9 million 

for the year ended December 31, 2003 a decrease of approximately $469,000 or 9.4 percent. The decrease was primarily due to 

lower executive compensation costs partially offset by approximately $477,000 of costs of complying with the various provisions of 

Sarbanes-Oxley, in particular with Section 404 (Internal Controls). 
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Depreciation, Depletion, and Amortization
Depreciation, depletion, and amortization costs for the year ended December 31, 2004 increased to $18.0 million from approximately 

$14.2 million for the year ended December 31, 2003, an increase of approximately $3.8 million or 26.8 percent. Such increase was 

due to the significantly increased production and investment in oil and gas properties by the Company as referred to above. 

Interest Expense
Interest costs for the year ended December 31, 2004 were $874,000 compared to $1.3 million for the year ended December 31, 

2003, a decrease of $426,000 or 32.8 percent. Such decrease is due to lower average outstanding balance of our credit facility offset 

in part by rising interest rates.  The Company utilizes its daily cash balances to reduce its line of credit to lower its cost of interest. 

The average outstanding debt balances for the year ended December 31, 2004 was $11.3 million compared to $24.1 million for the 

year ended December 31, 2003. 

Provision for Income Taxes 
The effective income tax rate for the Company’s provision for income taxes increased from 34.7% for the year ended December 31, 

2003 to 37.62% for the year ended December 31, 2004 primarily as a result of significantly increased earnings of the Company during 

2004, lower percentage depletion for tax purposes, the benefit in 2003 of officers life insurance proceeds, and non-conventional fuel 

source tax credit.

Net Income and Earnings Per Share 
Net income for the year ended December 31, 2004 was $34.1 million compared to a net income of $22.6 million for the year ended 

December 31, 2003, an increase of approximately $11.5 million or 50.9 percent. 

Diluted earnings per share for the year ended December 31, 2004 was $2.05 per share compared to $1.39 per share for the year ended 

December 31, 2003, an increase of $.66 per share or 47.5 percent.

Year Ended December 31, 2003 Compared with December 31, 2002

Revenues
Total revenues for the year ended December 31, 2003 were $202.9 million compared to $135.3 million for the year ended December 

31, 2002, an increase of approximately $67.6 million, or 50.0 percent. Such increase was a result of increased drilling revenues, gas 

sales from gas marketing activities, oil and gas sales and well operations and pipeline income. 

Drilling Revenue
Drilling revenues for the year ended December 31, 2003 were $71.8 million compared to $57.1 million for the year ended December 

31, 2002, an increase of approximately $14.7 million or 25.7 percent. Such increase was due to the increased drilling funds raised 

through the Company’s Public Drilling Programs. The four drilling programs of 2003 raised $78.3 million compared to $56.9 

million in 2002. We believe this increase is fueled by the increase in oil and natural gas prices which has improved the performance 

of our prior programs which in turn has helped to increase our drilling program sales. 

Natural Gas Marketing Activities
Natural gas sales from the marketing activities of Riley Natural Gas (RNG), the Company’s marketing subsidiary for the year 

ended December 31, 2003 were $73.1 million compared to $46.4 million for the year ended December 31, 2002, an increase of 

approximately $26.7 million or 57.5 percent. Such increase was due to natural gas sold at significantly higher average sales prices 

offset in part by slightly lower volumes sold. 
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Oil and Gas Sales
Oil and gas sales from the Company’s producing properties for the year ended December 31, 2003 were $47.0 million compared 

to $22.9 million for the year ended December 31, 2002, an increase of $24.1 million or 105.2 percent. The increase was due to 

significantly increased volumes sold at substantially higher average sales prices of oil and natural gas. The volume of natural gas sold 

for the year ended December 31, 2003 was 8.7 million Mcf at an average sales price of $4.42 per Mcf compared to 6.5 million Mcf at 

an average sales price of $2.68 per Mcf for the year ended December 31, 2002. Oil sales were 289,000 barrels at an average sales price 

of $29.39 per barrel for the year ended December 31, 2003 compared to 227,000 barrels at an average sales price of $24.41 per barrel 

for the year ended December 31, 2002. The increase in natural gas volumes was the result of the Company’s increased investment in 

oil and gas properties, primarily the Williams property acquisition in the second quarter, recompletions of existing wells, two fourth 

quarter acquisitions of oil and gas properties in Colorado and Kansas and to a lesser extent the investment in oil and gas properties 

we own with our public drilling program partnerships. The table below outlines our increased production in Mcf equivalents of our 

2003 recompletions and acquisitions by quarter.

                                       Mcfe                                               

 1st Quarter 2nd Quarter 3rd Quarter 4th Quarter Total

Recompletions 40,000 161,000 223,000 285,000 709,000

Williams Acquisition     - 453,000 573,000 519,000 1,545,000

4th Quarter Acquisitions          - -  - 196,000       196,000

    40,000 614,000   796,000 1,000,000 2,450,000

Oil and Gas Production
The Company’s oil and gas production by area of operations along with average sales price is presented below:

          Year Ended December 31, 2003          Year Ended December 31, 2002

 Natural  Natural Gas Natural  Natural Gas

 Oil Gas Equivalents Oil Gas Equivalents

 (Bbl) (Mcf) (Mcfe) (Bbl) (Mcf) (Mcfe)

Appalachian Basin 3,992  1,921,200 1,945,152 5,814  2,095,903  2,130,787 

Michigan Basin 6,627  1,832,737  1,872,499 8,443  2,146,101  2,196,759 

Rocky Mountains 278,874  4,958,245  6,631,489 212,779  2,220,033  3,496,707 

Total 289,493  8,712,182  10,449,140 227,036  6,462,037  7,824,253 

Average Price $ 29.39  $ 4.42  $ 4.50 $ 24.41  $ 2.68  $ 2.92 

Financial results depend upon many factors, particularly the price of natural gas and our ability to market our production on 

economically attractive terms. Price volatility in the natural gas and oil markets has remained prevalent in the last few years and can 

have a material impact on our financial results. Natural gas prices declined dramatically at the end of 2001 and during the entire 

first quarter of 2002. However, in the second quarter of 2002, the Company saw a significant strengthening of natural gas prices 

in its Appalachian and Michigan producing areas. Natural gas prices in Colorado remained low for most of 2002. In the fourth 

quarter of 2002 and continuing in 2003, Colorado prices began to increase, although they continue to trail prices in other areas. The 

Company believes the lower prices in the Rocky Mountains Region, including Colorado, resulted from increasing local supplies that 

exceeded the local demand and pipeline capacity available to move gas from the region. On May 1st of 2003, the Kern River pipeline 

expansion was completed and placed into service. The Kern River Pipeline Company has announced that the additional facilities 

added about 900 million cubic feet per day of capacity for deliveries to Arizona, Nevada and southern California. This represents 

almost 30% of the prior pipeline capacity from the region to the West Coast and other markets outside the region. The Company 
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believes that the completion and start-up of the pipeline eliminated or reduced the local supply surplus, leading to improved natural 

gas prices in the region. Since the startup of the new Kern River pipeline the Colorado Interstate Gas price index has improved to 

a range of from 83% to over 90% of the NYMEX price, levels consistent with historical price relationships before the recent local 

demand/pipeline capacity problem. The Company has commodity price hedging contracts for oil and natural gas production from 

January 2004 through October 2005 to protect against possible short-term price weaknesses.

Oil and Gas Hedging Activities
Because of uncertainty surrounding natural gas prices we have used various hedging instruments to manage some of the impact of 

fluctuations in prices. Through October of 2005 we have in place a series of floors and ceilings on part of our natural gas production. 

Under the arrangements, if the applicable index rises above the ceiling price, we pay the counterparty, however if the index drops 

below the floor the counterparty pays us. During the three months ended December 31, 2003 the Company averaged natural gas 

volumes sold of 857,000 Mcf per month and oil sales of 31,400 barrels per month. The current positions in effect on the Company’s 

share of production are shown in the following table.

 Floors Ceilings

  Monthly  Monthly

  Quantity Contract Quantity Contract

Month  MMBtu  Price MMBtu Price

NYMEX Based Hedges - (Appalachian and Michigan Basins)   

Jan  2004 114,000 $ 4.45 57,000 $ 5.40

Feb 2004 114,000 $ 4.30 57,000 $ 5.25

Mar 2004 114,000 $ 4.20 57,000 $ 5.00

Apr 2004 - Oct 2004 81,000 $ 4.00 81,000 $ 5.65

Apr 2004 - Oct 2004* 122,000 $ 5.00 -  - 

Apr 2005 - Oct 2005* 122,000 $ 4.28 61,000 $ 5.00

     

Colorado Interstate Gas (CIG) Based Hedges (Piceance Basin)   

Jan 2004 - Mar 2004 20,000 $ 3.50 20,000 $ 5.25

Apr 2004 - Oct 2004 25,000 $ 3.20 25,000 $ 4.70

Apr 2004 - Oct 2004* 25,000 $ 4.17 -  -

Apr 2005- Oct 2005* 33,000 $ 3.10 16,000 $ 4.43

     

NYMEX Based Hedges (Williams acquisition)    

Jan 2004 - Dec 2004 150,000 $ 4.50 -  - 

Apr 2005 - Oct 2005* 150,000 $ 4.26 75,000 $ 5.00

     

Oil hedges (Wattenberg Field)    

  Monthly  

  Quantity Contract 

Month  MMBtu  Price 

Mar 2004 - Dec 2004* 10,000 $ 31.60   

*Entered into during 2004
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Well Operations, Pipeline & Other Income
Well operations and pipeline income for the year ended December 31, 2003 was $7.3 million compared to $6.1 million for the 

year ended December 31, 2002, an increase of approximately $1.2 million or 19.7 percent. Such increase was due to an increase in 

the number of wells and pipeline systems operated by the Company for our Drilling Fund Partnerships as well as joint ventures. 

Other income for the year ended December 31, 2003 was $3.5 million compared to $2.9 million for the year ended December 

31, 2002. Such increase was due to receiving the proceeds of $1.0 million in life insurance offset in part by a reduction in sales of 

miscellaneous items.

Costs and Expenses
Costs and expenses for the year ended December 31, 2003 were $167.9 million compared to $122.3 million for the year ended 

December 31, 2002, an increase of approximately $45.6 million or 37.3 percent. Such increase was primarily the result of increased 

cost of oil and gas well drilling operations, gas purchased for gas marketing activities, oil and gas production costs and depreciation, 

depletion and amortization. 

Oil and Gas Well Drilling Costs
Oil and gas well drilling operations costs for the year ended December 31, 2003 were $61.3 million compared to $49.2 million for 

the year ended December 31, 2002, an increase of approximately $12.1 million or 24.6 percent. Such increase was due to the higher 

levels of drilling activity from our Public Drilling Programs referred to above.

Cost of Gas Marketing Activities
The cost of gas marketing activities for the year ended December 31, 2003 were $72.4 million compared to $46.2 million for the 

year ended December 31, 2002, an increase of $26.2 million or 56.7 percent. The increase was due to the significantly higher average 

prices of natural gas purchased and offset in part by slightly lower volumes purchased for resale. Income before income taxes for the 

Company’s natural gas marketing subsidiary improved from $174,000 for the year ended December 31, 2002 to $689,000 for the 

year ended December 31, 2003. Based on the nature of the Company’s gas marketing activities, hedging did not have a significant 

impact on the Company’s net margins from marketing activities during either period. 

Oil and Gas Production Costs
Oil and gas production costs from the Company’s producing properties for the year ended December 31, 2003 were $13.7 million 

compared to $9.1 million for the year ended December 31, 2002, an increase of approximately $4.6 million or 50.5% percent. Such 

increase was due to the increased production costs and severance and property taxes on the increased volumes and higher sales prices 

of natural gas and oil sold, along with the increased number of wells and pipelines operated by the Company. Lifting cost per Mcfe 

increased from $.82 per Mcfe to $.98 per Mcfe which is almost entirely attributed to the increase in severance and property taxes on 

the significantly increased oil and gas sales prices.

General and Administrative Costs
General and administrative expenses for the year ended December 31, 2003 increased to $4.9 million compared with $4.4 million 

for the year ended December 31, 2002 an increase of approximately $500,000 or 11.4%, such increase was due to the increased 

administrative activity associated with a growing Company.

Depreciation, Depletion, and Amortization
Depreciation, depletion, and amortization costs for the year ended December 31, 2003 increased to $14.2 million from approximately 

$12.1 million for the year ended December 31, 2002, an increase of approximately $2.1 million or 17.4%. Such increase was due to 

the significantly increased production and investment in oil and gas properties by the Company as referred to above. 
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Interest Expense
Interest costs for the year ended December 31, 2003 and 2002 were $1.3 million. The lower average effective interest rates in 2003 

more than offset the higher average borrowing levels the Company experienced during 2003, primarily a result of the oil and gas 

property acquisitions mentioned above.

Provision for Income Taxes
The effective income tax rate for the Company’s provision for income taxes increased from 29% to 34.7% primarily as a result of the 

expired non-conventional source fuel tax credit and the effect of the federal rate change to 35% because of significantly increased 

earnings of the Company during 2003.

Change in Accounting Principle
The Company adopted SFAS No. 143 “Accounting for Asset Retirement Obligations” on January 1, 2003 and booked the cumulative 

effect on prior years of $198,600 (net of taxes of $121,700).

Net income and Earnings Per Share
Net income for the year ended December 31, 2003 was $22.6 million compared to a net income of $9.3 million for the year ended 

December 31, 2002, an increase of approximately $13.3 million or 143 percent. 

Diluted earnings per share for the year ended December 31, 2003 was $1.39 per share compared to $.58 per share for the year ended 

December 31, 2002, an increase of $.81 per share or 139.7 percent.

Liquidity and Capital Resources

The Company funds its operations through a combination of cash flow from operations including profits from drilling partnerships 

and use of the Company’s credit facility.  Operational cash flow is generated by sales of natural gas and oil from the Company’s 

well interests, natural gas marketing, profits from well drilling and operating activities for the Company’s public drilling programs 

and others, and natural gas gathering and transportation. Cash payments from Company-sponsored partnerships are used to 

drill and complete wells for the partnerships, with operating cash flow accruing to the Company to the extent payments exceed 

drilling costs.  The Company utilizes its revolving credit arrangement to meet the cash flow requirements of its operating and 

investment activities.

Natural Gas Pricing and Pipeline Capacity
Natural gas and oil prices have been volatile in the past, and are expected to show continued volatility in the future.  Currently, the 

NYMEX futures reflect a market expectation of gas prices at Henry Hub close to or above record prices per million Btu’s (MMBtu) 

in 2005. Natural gas prices look strong for 2005 even though natural gas storage levels are above normal levels following a period 

when storage levels had been at a five-year low. Domestic and international demand for energy has been increasing in the past several 

years, particularly in China and some other developing countries. At the same time it does not currently seem that new supplies 

have kept up with the growing demand. The Company’s management believes this situation creates the possibility of both periods 

of low prices and continued high prices.

Natural gas prices were at historically high levels throughout 2003 and 2004 in our Appalachian and Michigan producing areas. 

Natural gas prices in Colorado were low for most of 2002. In the fourth quarter of 2002 and continuing through 2003 and 2004, 

Colorado prices began to increase, although they continue to trail prices in other areas. The Company’s management believes the 

lower prices in the Rocky Mountains Region, including Colorado, resulted from increasing local supplies that exceeded the local 

demand and pipeline capacity available to move gas from the region. On May 1st of 2003, the Kern River pipeline expansion was 

completed and placed into service. The Kern River Pipeline Company announced that the additional facilities added about 900 
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million cubic feet per day of capacity for deliveries to Arizona, Nevada and southern California. This represents almost 30% of the 

prior pipeline capacity from the region to the West Coast and other markets outside the region. We believe that the completion and 

start-up of the pipeline eliminated or reduced the local supply surplus, leading to improved natural gas prices in the region. Since 

the startup of the new Kern River pipeline the Colorado Interstate Gas price index has improved to a range of from 77% to over 

90% of the NYMEX price, levels consistent with historical price relationships before the  local demand/pipeline capacity problem 

described above.

Oil Pricing 
Oil prices have strengthened since the middle of 2003. While oil prices are influenced by supply and demand, global geopolitics 

may be the single most important determinant. Since the percentage of the Company’s production reflected by oil sales has 

increased to approximately 20% during the year ended December 31, 2004, variations in oil prices will have a greater impact on the 

Company than in the past. See previous pages in this Management’s Discussion and Analysis for a complete schedule of current 

hedging positions.

Oil and Gas Hedging Activities
Because of the uncertainty surrounding natural gas and oil prices we have used various hedging instruments to manage some of the 

impact of fluctuations in prices. Through October of 2006 we have in place a series of floors and ceilings on part of our natural gas 

and oil production. Under the arrangements, if the applicable index rises above the ceiling price, we pay the counterparty, however 

if the index drops below the floor the counterparty pays us. See previous pages in this Management’s Discussion and Analysis for a 

schedule of hedging positions. 

The Company hedges prices for its partners’ share of production as well as its own production. Actual wellhead prices will vary based 

on local contract conditions, gathering and other costs and factors.

Public Drilling Programs
The Company closed four public drilling partnerships during 2004.  The total amount received during 2004 was $100 million 

compared to $78.3 million for 2003. As the year progressed interest in our programs continued to increase.  The last three drilling 

partnerships of 2004 closed at their maximum allowable subscriptions, each earlier than the scheduled close. The Company 

proceeded with drilling for each of these partnerships as rigs, leases and other resources were available. Because the Company was 

unable to complete all of the drilling and completion activities for the partnerships formed in 2004 during the year, the Company 

has a drilling carryover to 2005 of $42.5 million compared with $50.5 million at the end of 2003. The response to the Company’s 

first program of 2005 was even more positive than the response to the 2004 program. It was opened on January 3, 2005 and was 

scheduled to close on April 30, 2005, but was fully committed with $40 million in subscriptions within a few days of the opening. 

Additional programs are scheduled to close in April and September of 2005, with total possible subscriptions of $115 million for 

the year. The Company invests, as its equity contribution to each drilling partnership, a sum equal to approximately 22% of the 

aggregate subscriptions received for that particular drilling partnership.  As a result, the Company is subject to substantial cash 

commitments at the closing of each drilling partnership. No assurance can be made that the Company will continue to receive this 

level of funding from these or future programs.

The Company posts daily the amount of subscriptions that have been sold in the current partnership at its website, www.petd.com 

under the heading of “Drilling Program”.

Substantially all of the Company’s drilling programs contain a repurchase provision allowing Investors to request that the Company 

repurchase their partnership units. This repurchase provision is in effect any time beginning with the third anniversary of the first 

cash distribution. The provision provides that the Company is obligated to purchase an aggregate of 10% of the initial subscriptions 

per calendar year (at a minimum price of four times the most recent 12 months’ cash distributions), only if investors request the 
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 Property acquisition cost: 

   Proved undeveloped properties $   4,583,000 

   Producing properties 720,000

   Development costs 36,870,400

  $ 42,173,400 

Company to repurchase such units and subject to the Company’s financial ability to do so.  The maximum annual 10% repurchase 

obligation, if requested by the investors, is currently approximately $6.6 million. The Company has adequate liquidity to meet this 

obligation. During 2004 the Company spent $408,300 under this provision. 

Drilling Activity
During 2004 the Company drilled along with its public drilling fund partnerships a total of 137 wells with only four developmental 

dry holes. The Company drilled 97 successful wells in its Wattenberg field in the Denver-Julesburg Basin and 36 successful wells 

in the Piceance Basin in western Colorado, all of the wells that the Company drills in these two areas are in conjunction with its 

public drilling fund partnerships. The Company plans to conduct the remainder of its 2004 partnership drilling activity in these 

two areas. 

In the fourth quarter of 2004, the Company began drilling on a planned 20 well program on its northeast Colorado properties 

(NECO). The wells are being drilled on locations created by the regulatory approval of the reduction in well spacing from 80 to 40 

acres on the properties the Company acquired in Yuma County in 2003. All twenty of the wells have been successful and are now 

in production.

The Company drilled one exploratory well in 2004 and plans additional exploratory wells in 2005. As of the date of this report, the 

exploratory well had been completed and testing was underway but the well had not been classified as successful or dry. Testing of 

the well was suspended in January due to lease restrictions on the Federal lease. We expect to resume testing in the second quarter. 

If the well is determined to be a dry hole, its costs will be expensed in the period when the determination is made as required by the 

successful efforts method of accounting. The cost of the well as of January 31, 2005 is $4,362,000. Currently the Company plans 

to retain most if not all of the working interest in the exploratory wells, since the Company partnerships focus on developmental 

activities and are allowed only limited participation in exploratory drilling.

Purchase of Oil and Gas Properties
Although the Company made several offers to purchase producing oil and gas properties from other companies during 2004, it was 

not successful in purchasing any of those properties.  The Company did purchase a number of small interests in its partnerships from 

investors wishing to liquidate their holdings under the repurchase provision of the partnerships.

Costs incurred by the Company in oil and gas acquisitions, exploration and development for the year ended December 31, 2004 

are presented below:

  

Common Stock Repurchase
In March 2004, the Compensation Committee of the Board of Directors approved a repurchase of 48,650 shares of common stock 

from one of the Company’s officers.  The repurchase price of the common stock was the closing price on the date of the repurchase 

of $26.61 per share and totaled $1,294,600 which approximated the tax savings to be realized by the Company as a result of the 

exercise of said officer’s non-qualified stock options in 2004. During the fourth quarter of 2003, the Company received $1,000,000 

in life insurance proceeds which was recorded as other income from the death of the Company’s Chief Financial Officer who had 
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a stock repurchase agreement. In May 2004, the Company repurchased 50,487 shares of common stock from the estate of the 

Company’s former officer in accordance with the terms of this agreement.  The repurchase price of the stock was $27.73 per share 

(the 90-day average prior to the repurchase per contract).  The repurchase totaled $1,400,000 of which $1,000,000 was funded by 

the life insurance proceeds. The Company also repurchased 1,703 shares from an employee upon retirement from the Company in 

June, 2004.  Such treasury stock was subsequently cancelled.  

At a meeting held on Friday, March 18, 2005 the Board of Directors of Petroleum Development Corporation approved a stock 

repurchase plan to allow the Company to repurchase up to 2% of the Company’s common stock in 2005. The Company intends at 

a minimum to purchase adequate shares to insure no dilution from employee stock compensation plans and may also make open 

market purchases from time to time.

Long-Term Debt
The Company has a credit facility with J. P. Morgan Chase Bank NA and BNP Paribas of $100 million subject to and secured by 

adequate levels of oil and gas reserves. The current total borrowing base is $80.0 million of which the Company has activated $60 

million of the facility.  The Company is required to pay a commitment fee of 1/4 percent on the unused portion of the activated 

credit facility. Interest accrues at prime, with LIBOR (London Interbank Market Rate) alternatives available at the discretion of the 

Company.  No principal payments are required until the credit agreement expires on July 3, 2008.

As of December 31, 2004  the outstanding balance was $21,000,000 . Any amounts outstanding under the credit facility are secured 

by substantially all properties of the Company.  The credit agreement requires, among other things, the existence of satisfactory 

levels of natural gas reserves, maintenance of certain working capital and tangible net worth ratios along with a restriction on 

the payment of dividends. As of December 31, 2004  the Company was in compliance with all financial covenants in the credit 

agreement. At December 31, 2004, the outstanding balance was subject to a prime rate of 5.25%.

Contractual Obligations
Contractual obligations and due dates are as follows:

 Payments due by period

  Less than 1-3 3-5 More than

Contractual Obligations Total 1 year  years years 5 years

Long-Term Debt $ 21,000,000 - - $ 21,000,000 -

Operating Leases 895,700 $ 307,900 $ 363,300 172,500 $ 52,000

Asset Retirement Obligation 783,500 50,000 50,000 50,000 633,500

Drilling Rig Commitment 1,604,250 1,604,250 -  -  -

Other Liabilities  3,967,500   40,000  1,287,000  250,000  2,390,500

Total $ 28,250,950 $ 2,002,150 $ 1,700,300 $ 21,472,500 $ 3,076,000

Long-term debt in the above table does not include interest as interest rates are variable and principal balances fluctuate significantly 

from period to period.  The Company continues to pursue capital investment opportunities in producing natural gas properties as well 

as its plan to participate in its sponsored natural gas drilling partnerships, while pursuing opportunities for operating improvements 

and costs efficiencies.  Management believes that the Company has adequate capital to meet its operating requirements.

Commitments and Contingencies
As Managing General Partner of 10 private partnerships and 62 public partnerships (See Item 1. Business – Drilling and Development) 

the Company has liability for any potential casualty losses in excess of the partnership assets and insurance. The Company’s 

management believes its and its subcontractors casualty insurance coverage is adequate to meet this potential liability.
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Critical Accounting Policies and Estimates
We have identified the following policies as critical to our business operations and the understanding of our results of operations. 

This listing is not a comprehensive list of all of our accounting policies. In many cases, the accounting treatment of a particular 

transaction is specifically dictated by accounting principles generally accepted in the United States, with no need for management’s 

judgment in their application. There are also areas in which management’s judgment in selecting any available alternative would not 

produce a materially different result. However, certain of our accounting policies are particularly important to the portrayal of our 

financial position and results of operations and may require the application of significant judgment by our management; as a result, 

they are subject to an inherent degree of uncertainty. In applying those policies, our management uses its judgment to determine the 

appropriate assumptions to be used in the determination of certain estimates. Those estimates are based on our historical experience, 

our observance of trends in the industry, and information available from other outside sources, as appropriate. For a more detailed 

discussion on the application of these and other accounting policies, see “Note 1 - Summary of significant account policies” in our 

financial statements and related notes. Our critical accounting policies and estimates are as follows:

Revenue Recognition
The Company’s drilling segment recognizes revenue from our drilling contracts with our publicly registered drilling programs using 

the percentage of completion method. These contracts are footage rate based and completed within nine to twelve months after the 

commencement of drilling. The Company provides geological, engineering, and drilling supervision on the drilling and completion 

process and uses subcontractors to perform drilling and completion services. The percentage of completion method measures 

the percentage of contract costs incurred to date to the estimated total contract costs for each contract. The Company utilizes 

this method because reasonably dependable estimates of the total estimated costs can be made. Because the revenue recognized 

depends on estimates of the final contract costs, which are assessed continually during the term of the contract, recognized revenues 

are subject to revisions as the contract progresses. Anticipated losses, if any, on uncompleted contracts would be recorded at the 

time that our estimated costs exceeded the contract revenue. The Company has not experienced any contract losses in 2004, 2003 

or 2002.

Natural gas marketing is recorded on the gross accounting method.  Riley Natural Gas (“Riley”), our marketing subsidiary, purchases 

gas from many small producers and bundles the gas together to sell in larger amounts to purchasers of natural gas for a price 

advantage.  Riley has latitude in establishing price and discretion in supplier and purchaser selection.  Natural gas marketing revenues 

and expenses reflect the full cost and revenue of those transactions because Riley takes title to the gas it purchases from the various 

producers and bears the risks and enjoys the benefits of that ownership.

Sales of natural gas are recognized when natural gas has been delivered to a custody transfer point, persuasive evidence of a sales 

arrangement exists, the rights and responsibility of ownership pass to the purchaser upon delivery, collection of revenue from the 

sale is reasonably assured and the sales price is fixed or determinable.  Natural gas is sold by the Company under contracts with 

terms ranging from one month to three years.  Virtually all of the Company’s contracts pricing provisions are tied to a market index, 

with certain adjustments based on, among other factors, whether a well delivers to a gathering or transmission line, quality of natural 

gas and prevailing supply and demand conditions, so that the price of the natural gas fluctuates to remain competitive with other 

available natural gas supplies.  As a result, the Company’s revenues from the sale of natural gas will suffer if market prices decline 

and benefit if they increase.  The Company believes that the pricing provisions of its natural gas contracts are customary in the 

industry.

The Company currently uses the “Net-Back” method of accounting for transportation arrangements of our natural gas sales.  The 

Company sells gas at the wellhead and collects a price and recognizes revenues based on the wellhead sales price since transportation 

costs downstream of the wellhead are incurred by our customers and reflected in the wellhead price.
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Sales of oil are recognized when persuasive evidence of a sales arrangement exists, the oil is verified as produced and is delivered in a 

stock tank, collection of revenue from the sale is reasonably assured and the sales price is determinable.  The Company is currently 

able to sell all the oil that it can produce under existing sales contracts with petroleum refiners and marketers.  The Company does 

not refine any of its oil production.  The Company’s crude oil production is sold to purchasers at or near the Company’s wells under 

short-term purchase contracts at prices and in accordance with arrangements that are customary in the oil industry.

Well operations and pipeline income is recognized when persuasive evidence of an arrangement exists, services have been rendered, 

collection of revenues is reasonably assured and the sales price is fixed or determinable.  The Company is paid a monthly operating 

fee for each well it operates for outside owners including the limited partnerships sponsored by the Company.  The fee is competitive 

with rates charged by other operators in the area.  The fee covers monthly operating and accounting costs, insurance and other 

recurring costs.  The Company may also receive additional compensation for special non-recurring activities, such as reworks and 

recompletions.

Valuation of Accounts Receivable 
Management reviews accounts receivable to determine which are doubtful of collection.  In making the determination of the 

appropriate allowance for doubtful accounts, management considers the Company’s history of write-offs, relationships and overall 

credit worthiness of its customers, and well production data for receivables related to well operations. 

Accounting for Derivatives Contracts at Fair Value
The Company uses derivative instruments to manage its commodity and financial market risks. Accounting requirements for 

derivatives and hedging activities are complex; interpretation of these requirements by standard-setting bodies is ongoing. 

Derivatives are reported on the Consolidated Balance Sheets at fair value. Changes in fair value of derivatives that are not designated 

as accounting hedges are recorded in earnings. 

The measurement of fair value is based on actively quoted market prices, if available. Otherwise, the Company seeks indicative price 

information from external sources, including broker quotes and industry publications. If pricing information from external sources 

is not available, measurement involves judgment and estimates. These estimates are based on valuation methodologies considered 

appropriate by the Company’s management. 

For individual contracts, the use of different assumptions could have a material effect on the contract’s estimated fair value. In 

addition, for hedges of forecasted transactions, the Company must estimate the expected future cash flows of the forecasted 

transactions, as well as evaluate the probability of the occurrence and timing of such transactions. Changes in conditions or the 

occurrence of unforeseen events could affect the timing of recognition in earnings for changes in fair value of certain hedging 

derivatives.

Use of Estimates in Long-Lived Asset Impairment Testing
Impairment testing for long-lived assets and intangible assets with definite lives is required when circumstances indicate those assets 

may be impaired. In performing the impairment test, the Company would estimate the future cash flows associated with individual 

assets or groups of assets. Impairment must be recognized when the undiscounted estimated future cash flows are less than the 

related asset’s carrying amount. In those circumstances, the asset must be written down to its fair value, which, in the absence of 

market price information, may be estimated as the present value of its expected future net cash flows, using an appropriate discount 

rate. Although cash flow estimates used by the Company are based on the relevant information available at the time the estimates 

are made, estimates of future cash flows are, by nature, highly uncertain and may vary significantly from actual results.
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Oil and Gas Properties
Exploration and development costs are accounted for by the successful efforts method.

The Company assesses impairment of capitalized costs of proved oil and gas properties by comparing net capitalized costs to 

estimated undiscounted future net cash flows on a field-by-field basis using expected prices. Prices utilized in each year’s calculation 

for measurement purposes and expected costs are held constant throughout the estimated life of the properties. If net capitalized 

costs exceed undiscounted future net cash flows, the measurement of impairment is based on estimated fair value which would 

consider future discounted cash flows.

Property acquisition costs are capitalized when incurred.  Geological and geophysical costs and delay rentals are expensed as incurred.  

The costs of drilling exploratory wells are capitalized pending determination of whether the wells have discovered economically 

producible reserves.  If reserves are not discovered, such costs are expensed as dry holes. Development costs, including equipment 

and intangible drilling costs related to both producing wells and developmental dry holes, are capitalized.

Unproved properties or leases are written-off to expense when it is determined that they will expire or be abandoned.

Costs of proved properties, including leasehold acquisition, exploration and development costs and equipment, are depreciated or 

depleted by the unit-of-production method based on estimated proved developed oil and gas reserves.

Upon sale or retirement of complete fields of depreciable or depletable property, the book value thereof, less proceeds or salvage 

value, is credited or charged to income.  Upon sale of a partial unit of property, the proceeds are credited  to accumulated 

depreciation and depletion.

Deferred Tax Asset Valuation Allowance
Deferred tax assets are recognized for deductible temporary differences, net operating loss carry-forwards, and credit carry-forwards 

if it is more likely than not that the tax benefits will be realized.  To the extent a deferred tax asset cannot be recognized under the 

preceding criteria, a valuation allowance has been established.

The judgments used in applying the above policies are based on management’s evaluation of the relevant facts and circumstances as 

of the date of the financial statements.  Actual results may differ from those estimates.  

New Accounting Standards
In June 2001, the Financial Accounting Standard Board (FASB) issued FASB No. 143, “Accounting for Asset Retirement Obligations” 

that requires entities to record the fair value of a liability for an asset retirement obligation in the period in which it is incurred and 

a corresponding increase in the carrying amount of the related long-lived asset. This statement is effective for fiscal years beginning 

after June 15, 2002. The Company adopted SFAS No. 143 on January 1, 2003 and recorded a net asset of $271,800 and a related 

liability of $592,100 (using a 6% discount rate) and a cumulative effect on change in accounting principle on prior years of $198,600 

(net of taxes of $121,700).

The FASB issued FIN 46, “Consolidation of Variable Interest Entities”, in January 2003 and amended the interpretation in 

December 2003.  A variable interest entity (VIE) is an entity in which its voting equity investors lack the characteristics of having a 

controlling financial interest or where the existing capital at risk is insufficient to permit the entity to finance its activities without 

receiving additional financial support from other parties.  FIN 46 requires the consolidation of entities which are determined to 

be VIEs when the reporting company determines itself to be the primary beneficiary (the entity that will absorb a majority of the 

VIE’s expected losses, receive a majority of the VIE’s residual returns, or both).  The amended interpretation was effective for the 
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first interim or annual reporting period ending after March 15, 2004, with the exception of special purpose entities for which the 

statement was effective for periods ending after December 15, 2003.  We have completed a review of our partnership investments 

and have determined that those entities do not qualify as VIEs.

On December 16, 2004, the Financial Accounting Standards Board (FASB) issued FASB Statement No. 123R (revised 2004), “Share-

Based Payment” which is a revision of FASB Statement No. 123, “Accounting for Stock-Based Compensation”.  Statement 123R 

supercedes APB opinion No. 25, “Accounting for Stock Issued to Employees”, and amends FASB Statement No. 95, “Statement 

of Cash Flows”.  Generally, the approach in Statement 123R is similar to the approach described in Statement 123.  However, 

Statement 123R requires all share-based payments to employees, including grants of employee stock options, to be recognized in 

the income statement based on their fair values.  Pro-forma disclosure is no longer an alternative.  The provisions of this statement 

becomes effective for our third quarter 2005.  Management has not determined the impact that this statement will have on our 

consolidated financial statements.    

Quantitative and Qualitative Disclosure About Market Risk.

Market-Sensitive Instruments and Risk Management
The Company’s primary market risk exposures are interest rate risk and commodity price risk.  These exposures are discussed in 

detail below:

Interest Rate Risk
The Company’s exposure to market risk for changes in interest rates relates primarily to the Company’s interest-bearing cash and 

cash equivalents and long-term debt.  Interest-bearing cash and cash equivalents includes money market funds, certificates of deposit 

and checking and savings accounts with various banks.  The amount of interest-bearing cash and cash equivalents as of December 

31, 2004 is $99,753,700 with an average interest rate of 1.14%. As of December 31, 2004, the Company had long-term debt of 

$21,000,000 subject to a prime rate of 5.25%.

Commodity Price Risk
The Company utilizes commodity-based derivative instruments as hedges to manage a portion of its exposure to price risk from 

its oil and natural gas sales and marketing activities.  These instruments consist of NYMEX-traded natural gas futures contracts and 

option contracts for Appalachian and Michigan production and CIG-based contracts traded by JP Morgan for Colorado production. 

These hedging arrangements have the effect of locking in for specified periods (at predetermined prices or ranges of prices) the prices 

the Company will receive for the volume to which the hedge relates and, in the case of RNG, the cost of gas supplies purchased for 

marketing activities.  As a result, while these hedging arrangements are structured to reduce the Company’s exposure to changes in 

price associated with the hedged commodity, they also limit the benefit the Company might otherwise have received from price 

changes associated with the hedged commodity.  The Company’s policy prohibits the use of natural gas future and option contracts 

for speculative purposes.
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The following tables summarize the open futures and options contracts for Riley Natural Gas and PDC as of December 31, 

2004 and 2003.    

      

Riley Natural Gas 

Open Futures Contracts

      

Commodity Type Quantity Weighted  Total Fair 

  Gas-MMBtu Average Contract Market 

  Oil-Barrels Price Amount Value 

Total Contracts as of December 31, 2004 

   Natural Gas Sale 3,260,000  $ 5.60  $ 18,249,250  ($ 1,982,964)

   Natural Gas Purchase 1,130,000  $ 6.77  $ 7,644,540  ($ 486,490)

   Natural Gas Floor 530,000  $ 5.30    $ 134,242

   Natural Gas Ceiling 265,000  $ 7.00    ($ 85,541) 

Contracts maturing in 12 months following December 31, 2004 

   Natural Gas Sale 2,230,000  $ 5.84  $ 13,014,810  ($ 841,102)

   Natural Gas Purchase 860,000  $ 6.94  $ 5,965,490  ($ 591,340)

   Natural Gas Floor 530,000  $ 5.30    $ 134,242  

   Natural Gas Ceiling 265,000  $ 7.00    ($ 85,541)

Prior Year Total Contracts as of December 31, 2003 

   Natural Gas Sale 2,660,000  $ 4.58  $ 12,174,130  ($ 1,943,680)

   Natural Gas Purchase 820,000  $ 5.17  $ 4,243,420  $ 451,020  

The maximum term over which RNG is hedging exposure to the variability of cash flows for commodity price risk is 27 months. 
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Petroleum Development Corporation

Open Futures Contracts

Commodity Type Quantity Weighted  Total Fair 

  Gas-MMBtu Average Contract Market 

  Oil-Barrels Price Amount Value 

Total Contracts as of December 31, 2004

   Natural Gas Purchase 46,776  $ 6.63  $ 310,339  ($ 17,806)

   Natural Gas Floor 3,562,020  $ 4.56    $ 337,842

   Natural Gas Ceiling 1,556,010  $ 5.39    ($ 1,526,868)

   Crude Oil Floor 166,536  $ 32.30    $ 141,880

   Crude Oil Ceiling 83,268  $ 40.00    ($ 450,405)

      

Contracts maturing in 12 months following December 31, 2004 

   Natural Gas Sale     

   Natural Gas Purchase 46,776  $ 6.63  $ 310,339  ($ 17,806)

   Natural Gas Floor 3,562,020  $ 4.56    $ 337,842

   Natural Gas Ceiling 1,556,010  $ 5.39    ($ 1,526,868)

   Crude Oil Floor 166,536  $ 32.30    $ 141,880

   Crude Oil Ceiling 83,268  $ 40.00    ($ 450,405) 

     

Prior Year Total Contracts as of December 31, 2003 

   Natural Gas Sale 54,572  $ 5.40  $ 294,689  ($ 40,871)

   Natural Gas Purchase 46,776  $ 4.77  $ 223,122  $ 31,051

   Natural Gas Floor 3,023,800  $ 4.25    $ 185,486

   Natural Gas Ceiling 1,060,300  $ 5.31    ($ 172,377)

      

The  maximum term over which PDC is hedging exposure to the variability of cash flows for commodity price risk is 12 months.

The average NYMEX closing price for natural gas for the years 2004, 2003, and 2002 was $6.14, $5.39 MMBtu, and $3.22 MMBtu. 

The average NYMEX closing price for oil for the years 2004, 2003, and 2002 was $41.44, $30.98 bbl, and $26.98 bbl.  Future near-

term gas prices will be affected by various supply and demand factors such as weather, government and environmental regulation 

and new drilling activities within the industry.

Disclosure of Limitations

As the information above incorporates only those exposures that exist at December 31, 2004, it does not consider those exposures 

or positions which could arise after that date. As a result, the Company’s ultimate realized gain or loss with respect to interest rate 

and commodity price fluctuations will depend on the exposures that arise during the period, the Company’s hedging strategies at 

the time, and interest rates and commodity prices at the time.
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Controls and Procedures

(a) Disclosure Controls and Procedures

The Chief Executive Officer and Chief Financial Officer conducted an evaluation of the effectiveness of the design and operation 

of the Company’s disclosure controls and procedures (as defined in Rule 13a-15(e) under the Securities Exchange Act of 1934, as 

amended (the Exchange Act)) as of the end of the period covered by this report. Based on that evaluation, the Chief Executive 

Officer and Chief Financial Officer concluded that the Company’s disclosure controls and procedures were effective as of the end 

of the period covered by this report.  

(b) Management’s Report on Internal Control over Financial Reporting

The management of Petroleum Development Corporation is responsible for establishing and maintaining adequate internal control 

over financial reporting (as such term is defined in Exchange Act Rule 13a-15(f)). Petroleum Development Corporation’s internal 

control system is designed to provide reasonable assurance to the Company’s management and Board of Directors regarding the 

reliability of financial reporting and the preparation of financial statements for external purposes in accordance with generally 

accepted accounting principles.  All internal control systems, no matter how well designed, have inherent limitations.  Accordingly, 

even effective controls can provide only reasonable assurance with respect to financial statement preparation and presentation.

Petroleum Development Corporation’s management assessed the effectiveness of the Company’s internal control over financial 

reporting as of December 31, 2004.  In making this assessment, management used the criteria set forth by the Committee 

of Sponsoring Organizations of the Treadway Commission (COSO) in Internal Control-Integrated Framework.  Based on 

this assessment, management concluded that the Company maintained effective internal control over financial reporting as of 

December 31, 2004.

Management’s assessment of the effectiveness of internal control over financial reporting as of December 31, 2004 has been 

audited by KPMG LLP, the independent registered public accounting firm that also audited the Company’s consolidated financial 

statements.  KPMG LLP’s attestation report on management’s assessment of the Company’s internal control over financial reporting 

appears on the next page.  

(c) Changes in Internal Control over Financial Reporting

There were no significant changes in internal control over financial reporting (as defined in Rule 13a-15(f) under the Exchange 

Act) that occurred during the fourth quarter of 2004 that have materially affected, or are reasonably likely to materially affect, the 

Company’s internal control over financial reporting.
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The Board of Directors and Stockholders

Petroleum Development Corporation:

We have audited management’s assessment, included in the accompanying Management’s Report on Internal Control over Financial 

Reporting (under the heading of Controls and Procedures (b) on the previous page), that Petroleum Development Corporation (the 

Company) maintained effective internal control over financial reporting as of December 31, 2004, based on criteria established 

in Internal Control—Integrated Framework issued by the Committee of Sponsoring Organizations of the Treadway Commission 

(COSO). Petroleum Development Corporation’s management is responsible for maintaining effective internal control over financial 

reporting and for its assessment of the effectiveness of internal control over financial reporting. Our responsibility is to express 

an opinion on management’s assessment and an opinion on the effectiveness of the Company’s internal control over financial 

reporting based on our audit.

We conducted our audit in accordance with the standards of the Public Company Accounting Oversight Board (United States). 

Those standards require that we plan and perform the audit to obtain reasonable assurance about whether effective internal control 

over financial reporting was maintained in all material respects. Our audit included obtaining an understanding of internal control 

over financial reporting, evaluating management’s assessment, testing and evaluating the design and operating effectiveness of 

internal control, and performing such other procedures as we considered necessary in the circumstances. We believe that our audit 

provides a reasonable basis for our opinion.

A company’s internal control over financial reporting is a process designed to provide reasonable assurance regarding the reliability 

of financial reporting and the preparation of financial statements for external purposes in accordance with generally accepted 

accounting principles. A company’s internal control over financial reporting includes those policies and procedures that (1) pertain 

to the maintenance of records that, in reasonable detail, accurately and fairly reflect the transactions and dispositions of the assets 

of the company; (2) provide reasonable assurance that transactions are recorded as necessary to permit preparation of financial 

statements in accordance with generally accepted accounting principles, and that receipts and expenditures of the company are being 

made only in accordance with authorizations of management and directors of the company; and (3) provide reasonable assurance 

regarding prevention or timely detection of unauthorized acquisition, use, or disposition of the company’s assets that could have a 

material effect on the financial statements.

Because of its inherent limitations, internal control over financial reporting may not prevent or detect misstatements.  Also, 

projections of any evaluation of effectiveness to future periods are subject to the risk that controls may become inadequate because 

of changes in conditions, or that the degree of compliance with the policies or procedures may deteriorate.

In our opinion, management’s assessment that Petroleum Development Corporation maintained effective internal control over 

financial reporting as of December 31, 2004, is fairly stated, in all material respects, based on the criteria established in Internal 

Control – Integrated Framework issued by the Committee of Sponsoring Organizations of the Treadway Commission (COSO). 

Also, in our opinion, Petroleum Development Corporation maintained, in all material respects, effective internal control over 

financial reporting as of December 31, 2004, based on the criteria established in Internal Control – Integrated Framework issued by 

the Committee of Sponsoring Organizations of the Treadway Commission  (COSO).

We also have audited, in accordance with the standards of the Public Company Accounting Oversight Board (United States), the 

consolidated balance sheets of Petroleum Development Corporation and subsidiaries as of December 31, 2004 and 2003, and the 

related consolidated statements of income, stockholders’ equity and comprehensive income (loss) and cash flows for each of the 

years in the three-year period ended December 31, 2004, and our report dated March 30, 2005 expressed an unqualified opinion on 

those consolidated financial statements.

KPMG LLP

Pittsburgh, Pennsylvania

March 30, 2005

Report of Independent Registered Public Accounting Firm
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The Board of Directors and Stockholders

Petroleum Development Corporation:

We have audited the accompanying consolidated balance sheets of Petroleum Development Corporation and subsidiaries as 

of December 31, 2004 and 2003, and the related consolidated statements of income, stockholders’ equity and comprehensive 

income (loss), and cash flows for each of the years in the three-year period ended December 31, 2004. These consolidated financial 

statements are the responsibility of the Company’s management. Our responsibility is to express an opinion on these consolidated 

financial statements based on our audits.

We conducted our audits in accordance with the standards of the Public Company Accounting Oversight Board (United States).  

Those standards require that we plan and perform the audit to obtain reasonable assurance about whether the financial statements 

are free of material misstatement. An audit includes examining, on a test basis, evidence supporting the amounts and disclosures 

in the financial statements.  An audit also includes assessing the accounting principles used and significant estimates made by 

management, as well as evaluating the overall financial statement presentation.  We believe that our audits provide a reasonable 

basis for our opinion.

In our opinion, the consolidated financial statements referred to above present fairly, in all material respects, the financial position 

of Petroleum Development Corporation and subsidiaries as of December 31, 2004 and 2003, and the results of their operations 

and their cash flows for each of the years in the three-year period ended December 31, 2004, in conformity with U. S. generally 

accounting principles. 

As discussed in note 1 to the consolidated financial statements, the Company adopted the provisions of Statement of Financial 

Accounting Standards No. 143, Accounting for Asset Retirement Obligations, in 2003. 

We also have audited, in accordance with the standards of Public Company Accounting Oversight Board (United States), the 

effectiveness of Petroleum Development Corporation’s internal control over financial reporting as of December 31, 2004, based 

on criteria established in Internal Control – Integrated Framework issued by the Committee of Sponsoring Organizations of 

the Treadway Commission (COSO) and our report dated March 30, 2005, expressed an unqualified opinion on management’s 

assessment of, and effective operation of, internal control over financial reporting.

KPMG LLP

Pittsburgh, Pennsylvania

March 30, 2005

Report of Independent Registered Public Accounting Firm
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Petroleum Development Corporation and Subsidiaries
Consolidated Balance Sheets   December 31, 2004 and 2003

 Assets 2004 2003

Current assets:  

  Cash and cash equivalents $ 77,070,400 $ 78,512,900

  Restricted cash 664,900 1,866,400

  Notes and accounts receivable 33,902,800 23,067,000

  Inventories 1,657,300 2,014,300

  Other current assets  7,334,200   5,907,000

     Total current assets 120,629,600 111,367,600

  

Properties and equipment:  

  Oil and gas properties (successful efforts accounting method) 291,436,700 251,558,900

  Pipelines 9,515,000 9,097,000

  Transportation and other equipment 4,453,700 3,460,900

  Land and buildings   2,942,800   1,747,500

  

 308,348,200 265,864,300

  Less accumulated depreciation, depletion and amortization  88,341,300  71,182,100

 220,006,900 194,682,200

  

  Other assets      756,500      672,200

  

Total Assets $ 341,393,000 $ 306,722,000

(Continued)
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 Liabilities and Stockholders’ Equity 2004 2003

Current liabilities:  

  Accounts payable $ 42,438,400 $ 29,453,000

  Production tax liability 17,510,500 9,069,400

  Other accrued expenses 5,807,900 7,744,800

  Advances for future drilling contracts 42,497,300 50,458,800

  Funds held for future distribution  12,911,800   8,410,900

  

             Total current liabilities 121,165,900 105,136,900

  

Long-term debt 21,000,000 53,000,000

Other liabilities 3,927,500 2,449,100

Deferred income taxes 29,843,200 21,800,200

Asset retirement obligation 783,500 731,200

  

Commitments and contingencies (Note 9)  

  

Stockholders’ equity:  

  Common stock, par value $.01 per share; authorized 50,000,000 shares; issued and

   outstanding 16,589,324 and 15,628,433 shares 165,800 156,200

  Additional paid-in capital 37,684,300 28,592,900

  Retained earnings 130,109,800 96,049,200

  Unamortized stock award (882,000) (14,800)

  Accumulated other comprehensive loss, net of tax (2,405,000) (1,178,900)

  

              Total stockholders’ equity 164,672,900  123,604,600

  

Total Liabilities and Stockholders’ Equity $ 341,393,000 $ 306,722,000

  

See accompanying notes to consolidated financial statements.

Petroleum Development Corporation and Subsidiaries
Consolidated Balance Sheets   December 31, 2004 and 2003
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Petroleum Development Corporation and Subsidiaries
Consolidated Statements of Income   
Years Ended December 31, 2004, 2003 and 2002

 2004 2003 2002

Revenues:   

  Oil and gas well drilling operations $ 119,210,500 $ 71,841,500 $ 57,149,100

  Gas sales from marketing activities 93,231,400 73,141,100 46,365,900

  Oil and gas sales 67,947,700 47,021,600 22,857,100

  Well operations and pipeline income 8,384,500 7,347,700 6,116,200

  Other income   1,945,700   3,499,100   2,853,600

 290,719,800 202,851,000 135,341,900

Costs and expenses:   

  Cost of oil and gas well drilling operations 102,830,700 61,277,800 49,166,200

  Cost of gas marketing activities 91,898,100 72,443,600 46,184,300

  Oil and gas production and well operations costs 18,049,800 13,749,200 9,074,200

  General and administrative expenses 4,505,600 4,974,400 4,391,900

  Depreciation, depletion and amortization 17,958,200 14,153,400 12,103,300

  Interest         874,300       1,329,100       1,339,800

 236,116,700 167,927,500 122,259,700

Income before income taxes and cumulative effect of 

  change in accounting principle 54,603,100 34,923,500 13,082,200

Income taxes  20,542,500  12,105,800   3,797,400

Net income before cumulative effect of change in 

  accounting principle 34,060,600 22,817,700  9,284,800

Cumulative effect of change in accounting principle

  (net of taxes of $121,700)              -    (198,600)  -

Net income $ 34,060,600 $ 22,619,100  $ 9,284,800

   

Basic earnings per common share before accounting change  $ 2.10 $ 1.46 $ 0.59

Cumulative effect of change in accounting principle   - (0.01)   - 

   

Basic earnings per common share $ 2.10 $ 1.45 $ 0.59

   

Diluted earnings per share before accounting change $ 2.05 $ 1.40  $ 0.58

   

Cumulative effect of change in accounting principle   - (0.01)   - 

   

Diluted earnings per common and common equivalent share $ 2.05 $ 1.39 $ 0.58

See accompanying notes to consolidated financial statements.
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Petroleum Development Corporation and Subsidiaries
Consolidated Statements of Stockholders’ Equity and Comprehensive Income (Loss)
Years Ended December 31, 2004, 2003 and 2002
 Accumulated 
 Common Stock Issued Additional Other
 Number of  Paid-in- Retained Unamortized Comprehensive 
 Shares Amount capital Earnings Stock Award Income Total
Balance, December 31, 2001 16,245,752 $ 162,400 $ 32,951,700 $ 64,145,300 $ (29,200) $ (457,400) $ 96,772,800  

Issuance of common stock:       
  Exercise of employee stock options  70,000 700 78,100 - - - 78,800 
Amortization of stock award  -  - 5,500 - 5,500 
Repurchase and cancellation 
  of treasury stock (580,985) (5,800) (3,689,300) - - - (3,695,100)
Net income          -  - -         9,284,800 - - 9,284,800  
Comprehensive income:       
   Reclassification adjustment for 
     settlement of contracts
     Included in  net income 
     (net of tax of $9,100) - - - - - 14,800 
  Changes in fair value of outstanding  
     hedging positions and interest 
     rate swap (net of tax of $820,900) - - - - -  (1,339,400) 
  Other comprehensive loss        (1,324,600)   (1,324,600)
Comprehensive income      7,960,200 
Balance, December 31, 2002 15,734,767 157,300 29,340,500 73,430,100 (23,700) (1,782,000) 101,122,200        
Amortization of stock award - -  - -  8,900 - 8,900 
Repurchase and cancellation of 
  treasury stock, net (106,334) (1,100) (747,600) - - - (748,700)
Net income -  -  -  22,619,100 - - 22,619,100 
Comprehensive income:       
   Reclassification adjustment for 
     settlement of contracts
     Included in  net income 
     (net of tax of $583,900) - - - - - 917,200 
   Changes in fair value of outstanding  
     hedging positions and interest rate 
     swap (net of tax of $200,000) - - - - -    (314,100) 
  Other comprehensive income      603,100    603,100 
Comprehensive income       23,222,200 
Balance, December 31, 2003 15,628,433          156,200 28,592,900 96,049,200 (14,800) (1,178,900) 123,604,600       
Issuance of common stock       
  Exercise of employee stock options 1,100,000 11,000 4,981,700 -  -  -  4,992,700
Stock Award 23,380 200 870,700 -  (870,900) -  
Amortization of stock award  -  -  -  3,700 -  3,700
Repurchase and cancellation of 
  treasury stock, net (162,489) (1,600) (4,155,800) -  -  -  (4,157,400)
Income tax benefit from the 
  exercise of stock options -  -  7,394,800 -  -  -  7,394,800
Net income -  -  -  34,060,600 -  -  34,060,600
Comprehensive income:  -  -  -  -  -  
   Reclassification adjustment for 
     settlement of contracts
     Included in  net income 

     (net of tax of $2,084,400) - - - - - 3,274,000 
  Changes in fair value of outstanding  
      hedging positions and interest 
      rate swap (net of tax of $2,865,000) - - - - - (4,500,100) 
   Other comprehensive loss - - - -  (1,226,100) (1,226,100)
Comprehensive income      32,834,500

Balance, December 31, 2004 16,589,324 $165,800 $ 37,684,300 $ 130,109,800 $ (882,000) $ (2,405,000) $ 164,672,900

See accompanying notes to consolidated financial statements.
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Petroleum Development Corporation and Subsidiaries
Consolidated Statements of Cash Flows
Years Ended December 31, 2004, 2003 and 2002 

 2004         2003         2002

Cash flows from operating activities:   

  Net income $ 34,060,600 $ 22,619,100 $ 9,284,800 

  Adjustment to reconcile net income to cash provided by 

    operating activities:   

   Deferred income taxes 10,443,600 8,870,700 2,986,400

   Depreciation, depletion and amortization 17,958,200 14,153,400 12,103,300

   Cumulative effect of change in accounting principle -  198,600 -

   Gain from sale of assets (32,000) (115,800) (25,800)

   Expired and abandoned leases 344,700 1,418,400 1,129,400

   Amortization of stock award 3,700 8,900 5,500

   (Increase) in notes and accounts receivable (10,835,800) (7,187,100) (4,583,900)

   Decrease (increase) in inventories 357,000 (1,383,600) (56,200)

   Decrease (increase) in other current assets 4,776,200 (1,095,900) 369,200

   (Increase) decrease in other assets (281,300) 1,696,200 56,300 

   Increase in production tax liability 8,441,100 3,974,800 1,833,400

   Increase in accounts payable and accrued expenses 10,091,500 12,782,200 111,800

   (Decrease) increase in advances for future drilling contracts (7,961,500) 13,175,000 5,691,600

   Increase (decrease) in funds held for future distribution  4,500,900  4,493,000   (732,900)

         Total adjustments 37,806,300 50,988,800 18,888,100

   

   Net cash provided by operating activities 71,866,900 73,607,900 28,172,900

   

   Cash flows from investing activities:   

    Capital expenditures (45,391,800) (73,042,300) (19,777,000)

    Proceeds from sale of leases to partnerships 1,950,900 1,382,100 1,042,500

    Proceeds from sale of fixed assets 94,700    156,800     25,800

    Decrease (increase) in restricted cash    1,201,500     894,100  (2,477,200)

   

   Net cash used in investing activities (42,144,700) (70,609,300) (21,185,900)

   

   Cash flows from financing activities:   

    (Retirement of) proceeds from debt, net (32,000,000) 28,000,000 (3,000,000)

    Proceeds from issuance of stock 3,584,400       - 78,800

    Repurchase and cancellation of treasury stock (2,749,100)    (748,700) (3,695,100)

   

   Net cash (used in) provided by financing activities (31,164,700) 27,251,300 (6,616,300)

   

   Net (decrease) increase in cash and cash equivalents (1,442,500) 30,249,900 370,700

   Cash and cash equivalents, beginning of year 78,512,900 48,263,000 47,892,300 

   Cash and cash equivalents, end of year $ 77,070,400 $ 78,512,900 $ 48,263,000

   

See accompanying notes to consolidated financial statements.
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Petroleum Development Corporation and Subsidiaries
Notes to Consolidated Financial Statements
Years Ended December 31, 2004, 2003 and 2002

(1)  Summary of Significant Accounting Policies

Principles of Consolidation

The accompanying consolidated financial statements include the accounts of Petroleum Development Corporation (PDC) and its 

wholly owned subsidiaries, Riley Natural Gas (RNG) and PDC Securities Incorporated. All material intercompany accounts and 

transactions have been eliminated in consolidation. The Company accounts for its investment in limited partnerships under the 

proportionate consolidation method.  Under this method, the Company’s financial statements include its prorata share of assets and 

liabilities and revenues and expenses, respectively, of the limited partnerships in which it participates.

The Company is involved in four business segments.  The segments are drilling and development, natural gas marketing, oil and gas 

sales and well operations. (See Note 19)

The Company grants credit to purchasers of oil and gas and the owners of managed properties, substantially all of whom are located 

in West Virginia, Tennessee, Pennsylvania, Michigan, North Dakota, Colorado and Kansas.

Cash Equivalents

For purposes of the statement of cash flows, the Company considers all highly liquid debt instruments with original maturities of 

three months or less to be cash equivalents.

Restricted Cash

The Company is required to maintain margin deposits with brokers for outstanding future contracts. As of December 31, 2004 and 

2003, cash in the amount of $664,900 and $1,866,400 was on deposit.

Inventories

Inventories of well equipment, parts and supplies are valued at the lower of average cost or market.  An inventory of natural gas is 

recorded when gas is purchased in excess of deliveries to customers and is recorded at the lower of cost or market. 

Oil and Gas Properties

Exploration and development costs are accounted for by the successful efforts method.

The Company assesses impairment of capitalized costs of proved oil and gas properties by comparing net capitalized costs to 

estimated undiscounted future net cash flows on a field-by-field basis using expected prices. Prices utilized in each year’s calculation 

for measurement purposes and expected costs are held constant throughout the estimated life of the properties. If net capitalized 

costs exceed undiscounted future net cash flows, the measurement of impairment is based on estimated fair value which would 

consider future discounted cash flows.

Property acquisition costs are capitalized when incurred.  Geological and geophysical costs and delay rentals are expensed as incurred.  

The costs of drilling exploratory wells are capitalized pending determination of whether the wells have discovered economically 

producible reserves.  If reserves are not discovered, such costs are expensed as dry holes. Development costs, including equipment 

and intangible drilling costs related to both producing wells and developmental dry holes, are capitalized.
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Unproved properties or leases are written-off to expense when it is determined that they will expire or be abandoned.

Costs of proved properties, including leasehold acquisition, exploration and development costs and equipment, are depreciated or 

depleted by the unit-of-production method based on estimated proved developed oil and gas reserves.

Upon sale or retirement of complete fields of depreciable or depletable property, the book value thereof, less proceeds or salvage 

value, is credited or charged to income.  Upon sale of a partial unit of property, the proceeds are credited  to accumulated 

depreciation and depletion.

Transportation Equipment, Pipelines and Other Equipment

Transportation equipment, pipelines and other equipment are carried at cost. Depreciation is provided principally on the straight-

line method over useful lives of 3 to 17 years. The Company adopted FASB Statement No. 144 “Accounting for the Impairment 

or Disposal of Long-Lived Assets” on January 1, 2002. The adoption of FASB No. 144 did not affect the Company’s financial 

statements.

In accordance with FASB Statement No. 144, long-lived assets, such as property, plant, and equipment, are reviewed for impairment 

whenever events or changes in circumstances indicate that the carrying amount of an asset may not be recoverable. Recoverability 

of assets to be held and used is measured by a comparison of the carrying amount of an asset to estimated undiscounted future cash 

flows expected to be generated by the asset. If the carrying amount of an asset exceeds its estimated future cash flows, an impairment 

charge is recognized in the amount by which the carrying amount of the asset exceeds the fair value of the asset.

Maintenance and repairs are charged to expense as incurred.  Major renewals and betterments are capitalized.  Upon the sale or other 

disposition of assets, the cost and related accumulated depreciation, depletion and amortization are removed from the accounts, the 

proceeds applied thereto and any resulting gain or loss is reflected in income.

Buildings

Buildings are carried at cost and depreciated on the straight-line method over estimated useful lives of 30 years.

Asset Retirement Obligations

The Company incurs retirement obligations for its well drilling operations under FASB Statement No. 143, “Accounting for Asset 

Retirement Obligations”. This requires entities to record the fair value of a liability for an asset retirement obligation in the period 

incurred and a corresponding increase in the carrying amount of the long-lived assets. The costs associated with this liability are 

capitalized as part of the related long-lived asset and depreciated.  The Company adopted FASB No. 143 on January 1, 2003 and 

recorded a net asset of $271,800 and a related liability of $592,100 (using a 6% discount rate) and a cumulative effect of change 

in accounting principle on prior years of $198,600 (net of taxes of $121,700). Since adoption the obligation has increased to 

$783,500 as of December 31, 2004 due to the additional wells purchased and drilled by the Company and accretion, offset in part 

by wells plugged.  

Advances for Future Drilling Contracts

Advances for future drilling contracts represents funds received from Partnerships and other joint ventures for drilling activities 

which have not been completed and accordingly have not yet been recognized as revenue in accordance with the Company’s 

revenue recognition policies.
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Retirement Plans

The Company has a 401-K contributory retirement plan (401-K Plan) covering full-time employees.  The Company provides a 

discretionary matching of employee contributions to the plan.  

The Company also has a profit sharing plan covering full-time employees.  The Company’s contributions to this plan are 

discretionary.

The Company has a deferred compensation arrangement covering executive officers of the Company as a supplemental retirement 

benefit.  

Revenue Recognition

The Company’s drilling segment recognizes revenue from our drilling contracts with our publicly registered drilling programs using 

the percentage of completion method. These contracts are footage rate based and completed within nine to twelve months after the 

commencement of drilling. The Company provides geological, engineering, and drilling supervision on the drilling and completion 

process and uses subcontractors to perform drilling and completion services. The percentage of completion method measures 

the percentage of contract costs incurred to date to the estimated total contract costs for each contract. The Company utilizes 

this method because reasonably dependable estimates of the total estimated costs can be made. Because the revenue recognized 

depends on estimates of the final contract costs, which are assessed continually during the term of the contract, recognized revenues 

are subject to revisions as the contract progresses. Anticipated losses, if any, on uncompleted contracts would be recorded at the 

time that our estimated costs exceeded the contract revenue. The Company has not experienced any contract losses in 2004, 2003, 

or 2002.

Natural gas marketing is recorded on the gross accounting method.  Riley Natural Gas (“Riley”), our marketing subsidiary, purchases 

gas from many small producers and bundles the gas together to sell in larger amounts to purchasers of natural gas for a price 

advantage.  Riley has latitude in establishing price and discretion in supplier and purchaser selection.  Natural gas marketing revenues 

and expenses reflect the full cost and revenue of those transactions because Riley takes title to the gas it purchases from the various 

producers and bears the risks and enjoys the benefits of that ownership.

Sales of natural gas are recognized when natural gas has been delivered to a custody transfer point, persuasive evidence of a sales 

arrangement exists, the rights and responsibility of ownership pass to the purchaser upon delivery, collection of revenue from the 

sale is reasonably assured and the sales price is fixed or determinable.  Natural gas is sold by the Company under contracts with 

terms ranging from one month to three years.  Virtually all of the Company’s contracts pricing provisions are tied to a market index, 

with certain adjustments based on, among other factors, whether a well delivers to a gathering or transmission line, quality of natural 

gas and prevailing supply and demand conditions, so that the price of the natural gas fluctuates to remain competitive with other 

available natural gas supplies.  As a result, the Company’s revenues from the sale of natural gas will suffer if market prices decline 

and benefit if they increase.  The Company believes that the pricing provisions of its natural gas contracts are customary in the 

industry.

The Company currently uses the “Net-Back” method of accounting for transportation arrangements of our natural gas sales.  The 

Company sells gas at the wellhead and collects a price and recognizes revenues based on the wellhead sales price since transportation 

costs downstream of the wellhead are incurred by our customers and reflected in the wellhead price.

Sales of oil are recognized when persuasive evidence of a sales arrangement exists, the oil is verified as produced and is delivered in a 

stock tank, collection of revenue from the sale is reasonably assured and the sales price is determinable.  The Company is currently 
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able to sell all the oil that it can produce under existing sales contracts with petroleum refiners and marketers.  The Company does 

not refine any of its oil production.  The Company’s crude oil production is sold to purchasers at or near the Company’s wells under 

short-term purchase contracts at prices and in accordance with arrangements that are customary in the oil industry.

Well operations and pipeline income is recognized when persuasive evidence of an arrangement exists, services have been rendered, 

collection of revenues is reasonably assured and the sales price is fixed or determinable.  The Company is paid a monthly operating 

fee for each well it operates for outside owners including the limited partnerships sponsored by the Company.  The fee is competitive 

with rates charged by other operators in the area.  The fee covers monthly operating and accounting costs, insurance and other 

recurring costs.  The Company may also receive additional compensation for special non-recurring activities, such as reworks and 

recompletions.

Income Taxes

Income taxes are accounted for under the asset and liability method.

Deferred tax assets and liabilities are recognized for the future tax consequences attributable to differences between the financial 

statement carrying amounts of existing assets and liabilities and their respective tax bases.  Deferred tax assets and liabilities are 

measured using enacted tax rates expected to apply to taxable income in the years in which those temporary differences are expected 

to be recovered or settled.  The effect on deferred tax assets and liabilities of a change in tax rates is recognized in income in the 

period that includes the enactment date.

Derivative Financial Instruments

The Company accounts for derivatives and hedging in accordance with FASB Statement No. 133 “Accounting for Derivative 

Instruments and Certain Hedging Activities”, as amended which requires that all derivatives be recorded on the consolidated balance 

sheet at their fair values.  On the date the derivative contract is entered into, the Company designates the derivative as either a hedge 

of a forecasted transaction or the variability of cash flows to be received or paid related to a recognized asset or liability (“Cash flow” 

hedge), or a non-hedging derivative. The Company formally documents all relationships between hedging instruments and hedged 

items, as well as its risk-management objective and strategy for undertaking various hedge transactions.  This process includes linking 

all derivatives that are designated as cash-flow hedges to specific firm commitments. The Company also formally assesses, both at 

the hedge’s inception and on an ongoing basis, whether the derivatives that are used in hedging transactions are highly effective in 

offsetting changes in cash flows of hedged items.  When it is determined that a derivative is not highly effective as a hedge or that 

it has ceased to be a highly effective hedge, the Company discontinues hedge accounting prospectively.  No hedging activities were 

discontinued during 2004,  2003 or 2002.

Changes in fair value of a derivative that is highly effective and that is designated and qualifies as a cash-flow hedge are recorded 

in other comprehensive income, until earnings are affected by the variability in cash flows of the designated hedged item. Changes 

in the fair value of non-hedging derivatives are reported in current-period earnings. The Company discontinues hedge accounting 

prospectively when it is determined that the derivative is no longer effective in offsetting changes in the cash flows of the hedged 

item, the derivative expires or is sold, terminated, or exercised. Additionally, if the derivative is designated as a hedging instrument, 

and it is subsequently determined to be probable that a forecasted transaction will not occur or management determines that 

designation of the derivative as a hedging instrument is no longer appropriate, hedge accounting will be discontinued.

The Company uses derivative financial instruments for several purposes. The Company manages its exposure to price fluctuations 

in selling and producing natural gas by entering into natural gas future contracts and options contracts. 



52 53

Stock Compensation

The Company applies the intrinsic-value based method of accounting prescribed by Accounting Principles Board (APB) Opinion 

No. 25, “Accounting for Stock Issued to Employees”, and related interpretations including FASB Interpretation No. 44, “Accounting 

for Certain Transactions involving Stock Compensation, an interpretation of APB Opinion No. 25”, to account for its fixed-plan 

stock options.  Under this method, compensation expense is recorded on the date of grant only if the current market price of the 

underlying stock exceeded the exercise price.  FASB Statement No. 123, “Accounting for Stock-Based Compensation” and FASB 

Statement No. 148, “Accounting for Stock Based Compensation- Transition and Disclosure, an amendment of FASB Statement 

No. 123”, established accounting and disclosure requirements using a fair-value-based method of accounting for stock-based 

employee compensation plans.  As permitted by existing accounting standards, the Company has elected to continue to apply the 

intrinsic-value-based method of accounting described above, and has adopted only the disclosure requirements of Statement 123, 

as amended.  If the fair-value-based method had been applied to all outstanding and unvested awards in each period, the impact in 

2004 would have been $18,400. There would have been no impact or reported net income in 2003 or 2002.

Compensation expense for stock options is measured as the excess, if any, of the quoted market price of the Company stock at the 

date of the grant over the amount an optionee must pay to acquire the stock. The Company records compensation expense for 

restricted stock awards based on the quoted market price of the Company’ stock at the date of grant and vesting period.

The pro forma amounts that would have been reported if FASB 123 had been in effect for all years are based on the fair value of the 

stock-based awards granted for each year and recognized over the vesting period.

The fair value at date of grant for a common stock option granted under Company’s option plan during 2004 was $16.75. The fair 

value of each option granted during 2004 was estimated on the date of grant using the Black-Scholes option-pricing model with the 

following weighted-average assumptions.

 Dividend yield 0%

 Expected volatility 39.71%

 Risk-free interest rate 4.06%

 Expected option life (in years) 7.0

As of December 31, 2004, there was approximately $283,000 of total unrecognized, pre-tax compensation cost related to non-vested 

stock options. This cost is expected to be recognized over four years. The Company will adopt the provisions of FASB Statement 

No. 123R (revised 2004), “Share-Based Payment”, in 2005 regarding stock compensation as discussed below.  Upon adoption of 

FASB Statement No. 123R, such cost will be recognized directly in our consolidated statement of income. 

Use of Estimates

Management of the Company has made a number of estimates and assumptions relating to the reporting of assets and liabilities 

and revenues and expenses and the disclosure of contingent assets and liabilities to prepare these financial statements in conformity 

with generally accepted accounting principles.  Actual results could differ from those estimates.  Estimates which are particularly 

significant to the consolidated financial statements include estimates of oil and gas reserves and future cash flows from oil and gas 

properties.
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Fair Value of Financial Instruments

The carrying values of the Company’s receivables, payables and debt obligations are estimated to be substantially the same as the 

fair values as of December 31, 2004, 2003 and 2002.

New Accounting Standards

The FASB issued FIN 46, “Consolidation of Variable Interest Entities”, in January 2003 and amended the interpretation in 

December 2003.  A variable interest entity (VIE) is an entity in which its voting equity investors lack the characteristics of having a 

controlling financial interest or where the existing capital at risk is insufficient to permit the entity to finance its activities without 

receiving additional financial support from other parties.  FIN 46 requires the consolidation of entities which are determined to 

be VIEs when the reporting company determines itself to be the primary beneficiary (the entity that will absorb a majority of the 

VIE’s expected losses, receive a majority of the VIE’s residual returns, or both).  The amended interpretation was effective for the 

first interim or annual reporting period ending after March 15, 2004, with the exception of special purpose entities for which the 

statement was effective for periods ending after December 15, 2003.  We have completed a review of our partnership investments 

and have determined that those entities do not qualify as VIEs.

On December 16, 2004, the Financial Accounting Standards Board (FASB) issued FASB Statement No. 123R (revised 2004), “Share-

Based Payment” which is a revision of FASB Statement No. 123, “Accounting for Stock-Based Compensation”.  Statement 123R 

supercedes APB opinion No. 25, “Accounting for Stock Issued to Employees”, and amends FASB Statement No. 95, “Statement 

of Cash Flows”.  Generally, the approach in Statement 123R is similar to the approach described in Statement 123.  However, 

Statement 123R requires all share-based payments to employees, including grants of employee stock options, to be recognized in 

the income statement based on their fair values.  Pro-forma disclosure is no longer an alternative.  The provisions of this statement 

becomes effective for our third quarter 2005.  Management has not determined the impact that this statement will have on our 

consolidated financial statements.    

(2)  Notes and Accounts Receivable

Included in other assets are noncurrent accounts receivable as of December 31, 2004 and 2003, in the amounts of  $608,500 and 

$819,700 less of an allowance for doubtful accounts of $244,400 and $338,100, respectively.

The allowance for doubtful current accounts receivable as of December 31, 2004 and 2003 was $164,600 and $149,200, 

respectively.

(3)  Long-Term Debt

The Company has a credit facility with J. P. Morgan Chase Bank NA (formerly Bank One, NA) and BNP Paribas of $100 million 

subject to and secured by adequate levels of oil and gas reserves. The current total borrowing base is $80 million of which the 

Company has activated $60 million of the facility.  The Company is required to pay a commitment fee of 1/4 percent on the unused 

portion of the activated credit facility. Interest accrues at prime, with LIBOR (London Interbank Market Rate) alternatives available 

at the discretion of the Company.  No principal payments are required until the credit agreement expires on July 3, 2008.

As of December 31, 2004 and 2003 the outstanding balance was $21,000,000 and $53,000,000, respectively. Any amounts 

outstanding under the credit facility are secured by substantially all properties of the Company.  The credit agreement requires, 

among other things, the existence of satisfactory levels of natural gas reserves, maintenance of certain working capital and tangible 
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net worth ratios along with a restriction on the payment of dividends. As of December 31, 2004 and 2003 the Company was in 

compliance with all financial covenants in the credit agreement. At December 31, 2004, the outstanding balance was subject to a 

prime rate of 5.25%.

(4)  Income Taxes

The Company’s provision for income taxes consisted of the following:

 2004 2003 2002

Current:   

Federal $ 8,426,400 $ 2,401,000 $ 604,200

State 1,672,500   834,100   206,800

Total current income taxes 10,098,900 3,235,100   811,000

   

Deferred:   

Federal 8,900,300 7,802,800 2,461,200

State  1,543,300 1,067,900   525,200

Total deferred income taxes 10,443,600 8,870,700 2,986,400

   

Total income taxes $ 20,542,500 $ 12,105,800 $ 3,797,400

Income tax expense differed from the amounts computed by applying the U.S. federal income tax rate of 35 percent in 2004 and 

2003 and 34 percent in 2002 to pretax income as a result of the following: 

 2004 2003 2002

Computed “expected” tax $ 19,111,100 $ 12,223,200 $ 4,447,900

State income tax 2,129,500 1,362,000 483,100

Percentage depletion (794,100) (935,000) (680,000)

Nonconventional source fuel credit - (186,600) (491,500)

Officers life  insurance - (360,000) -

Surtax exemption - (100,000) -

Change in federal rate bracket - 254,700 -

Other         96,000     (152,500)     37,900

 $ 20,542,500 $ 12,105,800 $ 3,797,400
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The tax effects of temporary differences that give rise to significant portions of the deferred tax assets and deferred tax liabilities at 

December 31, 2004 and 2003 are presented below:

 2004 2003

Deferred tax assets:  

  Allowance for doubtful accounts $ 159,100 $ 189,500

  Drilling notes 57,200 73,500

  Alternative minimum tax credit carryforwards (Section 29) -     437,400

  Future abandonment 725,500 614,900

  Deferred compensation  692,100 1,784,200

  Asset Retirement Obligations    121,700   121,700

  Accumulated Other Comprehensive Income 1,531,200     750,500

  Other     21,800       27,700

    Total gross deferred tax assets 3,308,600 3,999,400

    Less valuation allowance           - -

    Deferred tax assets 3,308,600 3,999,400

    Less current deferred tax assets (included in other current assets) (337,300) (1,957,400)

    Net non-current deferred tax assets 2,971,300 2,042,000

Deferred tax liabilities:  

  Properties and equipment, principally due to differences in 

   depreciation and amortization (32,814,500) (23,842,200)

    Total gross deferred tax liabilities (32,814,500) (23,842,200)

    Net non-current deferred tax liability $ (29,843,200) $ (21,800,200)

Accumulated other comprehensive loss is net of tax of $1,531,200, $750,500 and $1,092,200 as of December 31, 2004, 2003 and 

2002, respectively. 

In assessing the realizability of deferred tax assets, management considers whether it is more likely than not that some portion or 

all of the deferred tax assets will not be realized. The ultimate realization of deferred tax assets is dependent upon the generation 

of future taxable income during the periods in which those temporary differences become deductible. Based upon the level of 

historical taxable income and projections for future taxable income over the periods in which the deferred tax assets are deductible, 

management believes it is more likely than not that the Company will realize the benefits of these deductible differences. The 

amount of the deferred tax asset considered realizable, however, could be reduced in the near term if estimates of future taxable 

income during the carryforward period are reduced.

Employee stock options exercised during the year 2004 resulted in an income tax benefit of $7,394,800 that is reflected in 

Stockholders’ Equity and as a reduction of current tax payable.

The deferred tax asset related to AOCI increased in 2004 by $780,700 and decreased in 2003 by $341,700.

(5)  Common Stock

Stock-Based Compensation Plans

As of December 31, 2004, the Company has several stock-based compensation plans for certain employees and officers.  These plans 

are described below:
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The Company maintains a long-term equity compensation plan for officers and certain key employees of the Company.  Under 

the plan, approved by the shareholders in June 2004, awards may be issued in the form of stock options, stock appreciation rights, 

restricted stock, or performance shares.  A total of 750,000 shares of common stock have been reserved for issuance.  During 2004, 

23,380 shares were granted with restriction periods of four years at the market price on the date of issuance as deferred compensation 

and the related amount is being amortized to operations over the respective vesting period. Compensation expense for the year 

ended December 31, 2004 related to these shares of restricted stock was $21,100.

Options amounting to 16,880 shares were granted during 2004 to certain employees and directors under the Company’s Stock 

Option Plan.  These options were granted with an exercise price equal to the market value of the Company’s common stock as of 

the date of grant and vest over a four year period. The outstanding options expire in 2014.

The following table summarized the activity of the Company’s option plans:

  Average Range of  

 Number Exercise Exercise   

      of Shares Price Prices     

Outstanding December 31, 2001 1,230,000 $4.29  $1.125 – $6.25 

  

  Exercised    (70,000) $1.125 $1.125 – $1.125 

  

Outstanding December 31, 2002 1,160,000 $4.48  $1.125 – $6.25 

  

  Granted - - -

   

  Exercised             - -            - 

  

Outstanding December 31, 2003 1,160,000 $4.48  $1.125 - $6.25

   

  Granted 16,880 $37.15 $37.15

   

  Exercised  (1,100,000) $4.48 $1.125 - $6.25

   

Outstanding December 31, 2004 76,880 $11.64 $3.875 - $37.15

Options outstanding under the Company’s plans as of December 31, 2004:

 

  Options Remaining Options Weighted-Average

 Range of Exercise Price Outstanding Life Exercisable Exercise Price

 $3.75 – $6.25 60,000 3.9 years 60,000 $5.40

 $37.15 16,880 10 years    - $37.15

    

 Total 76,880  60,000 
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Common Stock Repurchase

On March 13, 2003 the Company publicly announced the authorization by its Board of Directors to repurchase up to 5% of 

the Company’s common stock (785,000 shares) at fair market value at the date of purchase. Under the program, the Board had 

discretion as to the dates of purchase and amounts of stock to be purchased and whether or not to make purchases. From inception 

of the program until December 31, 2004, the Company has repurchased 109,200 shares at an average price of $6.86. This program 

expired on December 31, 2004. The following activity has occurred since inception of the plan on March 13, 2003 until December 

31, 2004.

 Month of Purchase 

 March, 2003 April, 2003 September, 2003

Average price paid per share $6.08 $6.48 $11.15

   

Broker/Dealer McDonald Investments McDonald Investments McDonald Investments

   

Number of shares purchased 46,500 49,900 12,800

   

Remaining number of shares to purchase 738,500 688,600 675,800

In March 2004, the Compensation Committee of the Board of Directors approved a repurchase of 48,650 shares of common stock 

from one of the Company’s officers.  The repurchase price of the common stock was the closing price on the date of the repurchase 

of $26.61 per share and totaled $1,294,600 which approximated the tax savings to be realized by the Company as a result of the 

exercise of said officer’s non-qualified stock options in 2004.  The Company also repurchased 1,703 shares from an employee upon 

retirement from the Company in June, 2004.  Such treasury stock was subsequently cancelled.  

At a meeting held on Friday, March 18, 2005 the Board of Directors of Petroleum Development Corporation approved a stock 

repurchase plan to allow the Company to repurchase up to 2% of the Company’s common stock in 2005. The Company intends at 

a minimum to purchase adequate shares to insure no dilution from employee stock compensation plans and may also make open 

market purchases from time to time.

Stock Repurchase Agreement

The Company has stock repurchase agreements with four executive officers of the Company.  The agreements require the Company 

to maintain life insurance on each executive in the amount of $1,000,000.  The agreements provide that the Company shall utilize 

the proceeds from such insurance to purchase from such executives’ estates or heirs, at their option, shares of the Company’s stock.  

The purchase price for the outstanding common stock is to be based upon the average closing asked price for the Company’s stock as 

quoted by NASDAQ on the date of purchase.  The Company is not required to purchase any shares in excess of the amount provided 

for by such insurance. During the fourth quarter of 2003, the Company received $1,000,000 in life insurance proceeds which was 

recorded as other income from the death of the Company’s Chief Financial Officer who had a stock repurchase agreement. In May 

2004, the Company repurchased 50,487 shares of common stock from the estate of the Company’s former officer in accordance with 

the terms of this agreement.  The repurchase price of the stock was $27.73 per share (the 90-day average prior to the repurchase per 

contract).  The repurchase totaled $1,400,000 of which $1,000,000 was funded by the life insurance proceeds.  
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(6) Employee Benefit Plans

The Company sponsors a qualified deferred compensation plan that enables eligible employees to contribute a portion of their 

compensation through payroll deductions in accordance with specific guidelines. The Company matches a percentage of the 

employees’ contributions up to certain limits. Expenses related to this plan amounted to $382,700, $305,500 and $288,000 for 2004, 

2003 and 2002, respectively.

The Company has a profit sharing plan (the Plan) covering full-time employees.  The Company contributed $300,000, $250,000 and 

$200,000 to the plan in cash during 2004, 2003 and 2002, respectively.

During 2003 and 2002 the Company expensed $90,000 each year under a deferred compensation arrangement with certain executive 

officers of the Company. These amounts were paid during 2003 to such executive officers.

The Company has a deferred compensation arrangement covering certain executive officers of the Company as a supplemental 

retirement benefit. During 2004, 2003 and 2002 the Company expensed $171,900, $181,900 and $171,600, respectively, and has 

recorded a related liability in the amount $1,000,200 and $868,300 as of December 31, 2004 and 2003, respectively.  The Company 

began paying the retirement benefit during 2004 to the estate of one of the Company’s former officers.  The Company paid $40,000 

during 2004.  

The Company maintains a non-qualified deferred compensation plan created for non-employee directors of the Company. The 

amount of compensation deferred by each Participant is based on Participant elections.

(7) Earnings Per Share

 2004 2003 2002

Basic earnings per common share:   

  Net income before cumulative effect of change in accounting principle $ 34,060,600 $ 22,817,700 $ 9,284,800 

  Cumulative effect of accounting change, net of tax                     (198,600)                        

  Net income 34,060,600 22,619,100 9,284,800 

  Weighted average common shares outstanding 16,240,604 15,659,591 15,866,363 

   

  Basic earnings per common share $ 2.10 $ 1.45 $ 0.59   

   

Diluted earnings per common and common equivalent share:   

  Net income before cumulative effect of change in accounting principle 34,060,600 22,817,700 9,284,800 

  Cumulative effect of accounting change, net of tax                 -    (198,600)               -       

  Net income applicable to common stock 34,060,600 22,619,100 9,284,800 

  Weighted average common shares outstanding 16,240,604 15,659,591 15,866,363 

  Potentially dilutive securities:   

    Stock options    406,570    638,202    277,051 

  Weighted average common and common equivalent shares outstanding 16,647,174 16,297,793 16,143,414 

   

  Diluted earnings per common share $ 2.05 $ 1.39 $ 0.58 
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(8) Transactions with Affiliates

Funds held for future distribution on the consolidated balance sheet of $12,911,800 and $8,410,900 primarily represents  amounts 

owed to affiliated partnerships as of December 31, 2004 and 2003, respectively.

The Company provided oil and gas well drilling services and well operations services to affiliated partnerships. Substantially all of 

the Company’s oil and gas well drilling operations, well operations and pipeline income and other income (except for $1.0 million 

of life insurance proceeds in 2003 discussed in Note 5) was for such partnerships.  Related services of tax return preparation and other 

services relating to the operation of the partnerships are recorded in other income. Amounts due from the affiliated partnerships as 

of December 31, 2004 and 2003 were $68,100 and $929,600, and are included in notes and accounts receivable.

The Company through its wholly-owned subsidiary, PDC Securities Incorporated, acts as Dealer-Manager of the Public Drilling 

Partnerships.  PDC Securities Incorporated receives the applicable commissions and marketing allowances from the Escrow Agent 

of the Drilling Program and distributes them to the Soliciting Broker/Dealers who sell the programs.  The commissions and 

marketing allowances received by PDC Securities are included in other income net of the commissions distributed to the soliciting 

broker/dealers in the amounts of $9,747,600, $7,994,300 and $5,792,300 for the years ended December 31, 2004, 2003 and 2002, 

respectively.  The net commissions and marketing allowance amounts included in other income were less than $1,000 for each of 

the years ending December 31, 2004, 2003 and 2002.

During 2004, 2003 and 2002, the Company paid $22,500, $30,000 and $51,800, respectively, to the Corporate Secretary’s law firm 

for various legal services.

(9) Commitments and Contingencies

The nature of the independent oil and gas industry involves a dependence on outside investor drilling capital and involves a 

concentration of gas sales to a few customers.  The Company sells natural gas to various public utilities and industrial customers. No 

customer accounted for 10% or more of the Company’s total revenues in 2004.  One customer accounted for 10.3% and 10.8% of 

total revenues in 2003 and 2002, respectively. 

The Company would be exposed to natural gas price fluctuations on underlying purchase and sale contracts should the 

counterparties to the Company’s hedging instruments or the counterparties to the Company’s gas marketing contracts not perform. 

Such nonperformance is not anticipated. There were no counterparty default losses in 2004, 2003 or 2002.

Substantially all of the Company’s drilling programs contain a repurchase provision where Investing Partners may request the 

Company to purchase their partnership units at any time beginning with the third anniversary of the first cash distribution. The 

provision provides that the Company is obligated to purchase an aggregate of 10% of the initial subscriptions per calendar year (at 

a minimum price of four times the most recent 12 months’ cash distributions), only if such units are requested by the investors, 

subject to the Company’s financial ability to do so.  The maximum annual 10% repurchase obligation, if requested by the investors, 

is currently approximately $6.6 million. The Company has adequate liquidity to meet this obligation. During 2004, the Company 

paid $408,260 under this provision for the repurchase of partnership units.

The Company’s drilling programs formed since 1996 contain a performance standard which states that if certain performance levels 

are not met, the Company must remit a payment equal to one-half of its share of revenue from such partnership to the investing 

partners.  During 2004, 2003, and 2002 the Company paid partnerships a total of $597,300, $385,400 and $198,500, respectively in 

accordance with the provision.
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During the fourth quarter of 2003, the Company recorded a liability in accordance with the death benefit of the employment 

contract of the Company’s Chief Financial Officer in the amount of $852,700.

As Managing General Partner of 10 private partnerships and 62 public partnerships the Company has liability for any potential 

casualty losses in excess of the partnership assets and insurance. The Company’s management believes its and its subcontractors 

casualty insurance coverage is adequate to meet this potential liability.

In order to secure the services for drilling rigs, the Company makes commitments to the drilling contractor  which call for penalties 

for a specified amount of time if the Company ceases to use such drilling rigs, an event that is not anticipated to occur. As of 

December 31, 2004, the Company has an outstanding commitment for $1,604,250.

The Company drilled one exploratory well in 2004 and plans additional exploratory wells in 2005. As of the date of this report, the 

exploratory well had been completed and testing was underway but the well had not been classified as successful or dry. Testing of 

the well was suspended in January due to lease restrictions on the Federal lease. We expect to resume testing in the second quarter of 

2005. If the well is determined to be a dry hole, its costs will be expensed in the period when the determination is made as required 

by the successful efforts method of accounting. The cost of the well as of December 31, 2004 is  $4,169,903. 

From time to time the Company is a party to various legal proceedings in the ordinary course of business.  The Company is not 

currently a party to any litigation that it believes would have a materially adverse affect on the Company’s business, financial 

condition, results of operations, or liquidity. 

(10) Lease Obligations

The Company has entered into certain operating leases on behalf of itself and its Partnerships principally for the leasing of natural 

gas compressors on its Michigan operating facilities and office printing and copying equipment. The future minimum lease payments 

under these non-cancelable operating leases as of December 31, 2004 are as follows:

 Year Lease Amount

 2005 $  307,900

 2006 209,400

 2007 153,900

 2008 127,200

 2009 45,300

 Thereafter       52,000

     $  895,700

The Company’s share of this lease expense for operating leases for the years ended December 31, 2004, 2003 and 2002 was $310,000, 

$574,700 and $660,700, respectively.

(11) Supplemental Disclosure of Cash Flows

The Company paid $1,049,200, $1,274,003 and $1,290,400 for interest in 2004, 2003 and 2002, respectively.  The Company paid 

income taxes in 2004, 2003 and 2002 in the amounts of $5,027,800, $3,649,600 and $175,000, respectively.

During 2004 options were exercised by exchanging mature shares with a fair value of $1,408,300. All these mature shares were 

subsequently cancelled.
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(12) Purchases of Oil and Gas Properties

During the second quarter of 2003, the Company purchased 166 wells in the Denver Julesburg Basin in northeastern Colorado 

from Williams Production RMT Company for $28 million. The Company estimates the acquisition included approximately 22.6 

billion cubic feet (Bcf) of proved developed producing (PDP) and 3.4 Bcf of proved developed non-producing reserves (PDNP), all 

of which is natural gas. The Company received approval for increased density well spacing in 2004. The Company drilled twenty 

new Niobrara wells on the property in 2004. The Company estimates that there are approximately 100 remaining increased density 

well locations, approximately 60 of which the Company plans to develop in 2005.

During the fourth quarter of 2003, the Company purchased from one of its unaffiliated  joint venture partners in the Denver-

Julesburg Basin in Weld County, Colorado approximately 3.1 billion cubic feet equivalent (Bcfe) of proved developed producing 

reserves from interests in 20.6 net wells (230 gross) and 1.8 Bcfe of proved developed non-producing reserves from interests in 17 net 

wells (183 gross). The purchase price was $5.2 million which also included over 30 additional drilling locations.

During the fourth quarter of 2003, the Company purchased from an unaffiliated party 97 gross wells (73 net)  in the Denver-

Julesburg Basin located in northeast Colorado and northwestern Kansas for $6.0 million. This purchase added approximately 4.5 

billion cubic feet equivalent (Bcfe) of proved developed producing and proved developed non-producing reserves to the Company’s 

oil and gas reserves along with 100,000 acres of oil and gas leases. 

(13) Derivative Financial Instruments

The futures and option contracts hedge forecasted natural gas purchases and sales, generally forecasted to occur within a three year 

period.  The Company does not hold or issue derivatives for trading or speculative purposes. In addition, an interest rate swap 

agreement was used to reduce the potential impact of increases in interest rates on variable rate long-term debt.

The Company utilizes commodity-based derivative instruments as hedges to manage a portion of its exposure to price risk from 

its natural gas sales and marketing activities.  These instruments consist of NYMEX-traded natural gas futures contracts and option 

contracts for Appalachian and Michigan production and CIG-based contracts traded by JP Morgan Chase Bank, NA for Colorado 

production. These hedging arrangements have the effect of locking in for specified periods (at predetermined prices or ranges of 

prices) the prices the Company will receive for the volume to which the hedge relates and, in the case of RNG, the cost of gas 

supplies purchased for marketing activities.  As a result, while these hedging arrangements are structured to reduce the Company’s 

exposure to changes in price associated with the hedged commodity, they also limit the benefit the Company might otherwise have 

received from price increases associated with the hedged commodity.  The Company’s policy prohibits the use of natural gas future 

and option contracts for speculative purposes.
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The following tables summarize the open futures and options contracts for Riley Natural Gas and PDC as of December 31, 2004 

and 2003.    

      

Riley Natural Gas 

Open Futures Contracts

      

Commodity Type Quantity Weighted  Total Fair 

  Gas-MMBtu Average Contract Market 

  Oil-Barrels Price Amount Value 

Total Contracts as of December 31, 2004 

   Natural Gas Sale 3,260,000  $ 5.60  $ 18,249,250  ($ 1,982,964)

   Natural Gas Purchase 1,130,000  $ 6.77  $ 7,644,540  ($ 486,490) 

   Natural Gas Floor 530,000  $ 5.30    $ 134,242

   Natural Gas Ceiling 265,000  $ 7.00    ($ 85,541) 

Contracts maturing in 12 months following December 31, 2004 

   Natural Gas Sale 2,230,000  $ 5.84  $ 13,014,810  ($ 841,102)

   Natural Gas Purchase 860,000  $ 6.94  $ 5,965,490  ($ 591,340)

   Natural Gas Floor 530,000  $ 5.30    $ 134,242  

   Natural Gas Ceiling 265,000  $ 7.00    ($ 85,541)

Prior Year Total Contracts as of December 31, 2003 

   Natural Gas Sale 2,660,000  $ 4.58  $ 12,174,130  ($ 1,810,500)

   Natural Gas Purchase 820,000  $ 5.17  $ 4,243,420  $ 270,200  

The maximum term over which RNG is hedging exposure to the variability of cash flows for commodity price risk is 27 months. 
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Petroleum Development Corporation

Open Futures Contracts

Commodity Type Quantity Weighted  Total Fair 

  Gas-MMBtu Average Contract Market 

  Oil-Barrels Price Amount Value 

Total Contracts as of December 31, 2004

   Natural Gas Purchase 46,776  $ 6.63  $ 310,339  ($ 17,806)

   Natural Gas Floor 3,562,020  $ 4.56    $ 337,842

   Natural Gas Ceiling 1,556,010  $ 5.39    ($ 1,526,868)

   Crude Oil Floor 166,536  $ 32.30    $ 141,880

   Crude Oil Ceiling 83,268  $ 40.00    ($ 450,405)

      

Contracts maturing in 12 months following December 31, 2004 

   Natural Gas Sale     

   Natural Gas Purchase 46,776  $ 6.63  $ 310,339  ($ 17,806)

   Natural Gas Floor 3,562,020  $ 4.56    $ 337,842

   Natural Gas Ceiling 1,556,010  $ 5.39    ($ 1,526,868)

   Crude Oil Floor 166,536  $ 32.30    $ 141,880

   Crude Oil Ceiling 83,268  $ 40.00    ($ 450,405) 

     

Prior Year Total Contracts as of December 31, 2003 

   Natural Gas Sale 53,300  $ 5.40  $ 288,000  ($ 40,000)

   Natural Gas Purchase 45,700  $ 4.77  $ 218,100  $ 30,400

   Natural Gas Floor 2,597,800  $ 4.29    $ 185,300

   Natural Gas Ceiling 691,200  $ 5.23    ($ 127,800)

      

The  maximum term over which PDC is hedging exposure to the variability of cash flows for commodity price risk is 12 months.

The Company is required to maintain margin deposits with brokers for outstanding futures contracts.  As of December 31, 2004 and 

2003, cash in the amount of $664,900 and $1,866,400 was on deposit.

An interest rate swap agreement was used to reduce the potential impact of increases in interest rates on variable rate long-term 

debt.  Such swap agreement expired in October 2004. At December 31, 2003, the Company was a party to an interest rate swap 

agreement which expired on October 11, 2004.  The agreement required the Company, on a quarterly basis, to make a fixed-rate 

interest payment of 6.89% plus its current LIBOR rate margin (+1.50% at December 31, 2003) on a $10,000,000 amount related to 

its outstanding line of credit.

The fair value of the interest rate swap agreement was $(436,800), $(266,900) net of tax at December 31, 2003. Current market pricing 

models were used to estimate fair value.

By using derivative financial instruments to hedge exposures to changes in interest rates and commodity prices, the Company 

exposes itself to credit risk and market risk.  Credit risk is the failure of the counterparty to perform under the terms of the derivative 

contract. When the fair value of a derivative contract is positive, the counterparty owes the Company, which creates repayment 

risk.  The Company minimizes the credit or repayment risk in derivative instruments by entering into transactions with high-quality 

counterparties.
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Changes in the fair value of natural gas futures contracts designated as hedging instruments and that effectively offset the variability 

of cash flows associated with anticipated sales of natural gas are reported in accumulated other comprehensive income (AOCI). 

These amounts subsequently are reclassified into gas purchases for RNG and gas sales for PDC when the related gas is sold and 

affects earnings. Changes in the fair value of the interest rate swap agreement were reclassified into interest expense.

(14) Costs Incurred in Oil and Gas Property Acquisition, Exploration and Development Activities

Costs incurred by the Company in oil and gas property acquisition, exploration and development are presented below:

 Years Ended December 31,

 2004 2003 2002       

Property acquisition cost:   

  Proved undeveloped properties $ 4,583,000  $ 6,167,800 $ 1,892,700

  Producing properties 720,000 33,946,600 240,000

  Development costs 36,870,400 30,630,100 16,429,400

 $ 42,173,400 $ 70,744,500 $ 18,562,100

The proved reserves attributable to the development costs in the above table were 40,716,000 Mcf and 358,000 bbls for 2004, 

27,719,000 Mcf and 517,000 bbls for 2003 and 19,607,000 Mcf and 130,000 bbls for 2002 (amounts unaudited). Of the above 

development costs incurred for the years ended December 31, 2004, 2003 and 2002 the amounts of $1,819,619, $4,289,600 and 

$2,699,500, respectively, were incurred to develop proved undeveloped properties from the prior year end. 

Property acquisition costs include costs incurred to purchase, lease or otherwise acquire a property.  Development costs include costs 

incurred to gain access to and prepare development well locations for drilling, to drill and equip development wells, recompletions 

and to provide facilities to extract, treat, gather and store oil and gas.

(15) Oil and Gas Capitalized Costs

Aggregate capitalized costs for the Company related to oil and gas exploration and production activities with applicable accumulated 

depreciation, depletion and amortization are presented below:

 December 31,

 2004 2003

Proved properties:  

   Tangible well equipment $ 157,787,800 $ 133,356,900

   Intangible drilling costs 123,171,200 110,087,300

   Undeveloped properties 9,864,300   7,576,900

   Capitalized asset retirement cost     613,400     537,800

 291,436,700 251,558,900

Less accumulated depreciation, depletion and amortization 80,762,100   64,205,100

 $ 210,674,600 $ 187,353,800



66 67

(16) Results of Operations for Oil and Gas Producing Activities

The results of operations for oil and gas producing activities (excluding marketing) are presented below:

 Years Ended December 31,

 2004 2003 2002

Revenue:   

  Oil and gas sales $ 67,947,700 $ 47,021,600 $ 22,857,100

Expenses:   

  Production costs 14,974,000 10,212,500 6,407,900

  Depreciation, depletion and amortization   16,482,600  12,997,600  11,149,000 

 31,456,600 23,210,100  17,556,900 

  Results of operations for oil and gas producing activities before 

  provision for income taxes 36,491,100 23,811,500 5,300,200

   

Provision for income taxes 13,728,000  8,262,600  1,538,400

   

  Results of operations for oil and gas producing activities 

  (excluding corporate overhead and interest costs) $ 22,763,100  $ 15,548,900  $ 3,761,800

Production costs include those costs incurred to operate and maintain productive wells and related equipment, including such costs 

as labor, repairs, maintenance, materials, supplies, fuel consumed, insurance and other production taxes. In addition, production 

costs include administrative expenses and depreciation applicable to support equipment associated with these activities.

Depreciation, depletion and amortization expense includes those costs associated with capitalized acquisition, exploration and 

development costs, but does not include the depreciation applicable to support equipment.

The provision for income taxes is computed using the Company’s effective tax rate.
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(17) Net Proved Oil and Gas Reserves (Unaudited)

The proved reserves of oil and gas of the Company have been estimated by an independent petroleum engineer, Wright & Company, 

Inc. at December 31, 2004, 2003 and 2002.  These reserves have been prepared in compliance with the Securities and Exchange 

Commission rules based on year end prices.  An analysis of the change in estimated quantities of oil and gas reserves, all of which 

are located within the United States, is shown below: 

 Oil (Bbl)

 2004 2003 2002

Proved developed and undeveloped reserves:   

   Beginning of year 3,029,000  2,073,000  2,126,000

   Revisions of previous estimates    305,000    533,000     124,000

   Beginning of year as revised           3,334,000           2,606,000           2,250,000

   New discoveries and extensions:   

     Rocky Mountains Region      358,000      517,000 130,000

   Dispositions to partnerships (12,000) (112,000) (80,000)

   Acquisitions:   

    Rocky Mountains Region  17,000 307,000         -    

   Production   (381,000)   (289,000)    (227,000)

   End of year  3,316,000 3,029,000 2,073,000 

   

Proved developed reserves:   

   Beginning of year  2,889,000    1,849,000    1,801,000 

   

   End of year  3,190,000    2,889,000    1,849,000

 Gas (Mcf)

 2004 2003 2002

Proved developed and undeveloped reserves:   

   Beginning of year 180,998,000 128,851,000 118,608,000

   Revisions of previous estimates   (10,635,000)    4,394,000    1,469,000

   Beginning of year as revised 170,363,000 133,245,000 120,077,000

   New discoveries and extensions:   

     Rocky Mountains Region 40,716,000 27,719,000 19,607,000

   Dispositions to partnerships (4,240,000) (4,410,000) (4,792,000)

   Acquisitions:    

     Michigan Basin 96,000 265,000 4,000

     Rocky Mountains Region 242,000 32,169,000 75,000

     Appalachian Basin 744,000 722,000 342,000

   Production (10,372,000)   (8,712,000)   (6,462,000)

   End of year 197,549,000 180,998,000 128,851,000

   

 Proved developed reserves:   

   Beginning of year   134,936,000   94,847,000   88,477,000

   

   End of year   146,152,000   134,936,000    94,847,000
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(18) Standardized Measure of Discounted Future Net Cash Flows and Changes Therein Relating to Proved Oil and Gas Reserves (Unaudited)

Summarized in the following table is information for the Company with respect to the standardized measure of discounted future net 

cash flows relating to proved oil and gas reserves. Future cash inflows are computed by applying year-end prices of oil and gas relating 

to the Company’s proved reserves to the year-end quantities of those reserves. Future production, development, site restoration and 

abandonment costs are derived based on current costs assuming continuation of existing economic conditions.  Future income tax 

expenses are computed by applying the statutory rate in effect at the end of each year to the future pretax net cash flows, less the tax 

basis of the properties and gives effect to permanent differences, tax credits and allowances related to the properties.

 As of December 31, 

 2004 2003 2002

Future estimated revenues $ 1,298,394,000 $ 1,088,415,000 $ 548,949,000

Future estimated production costs (319,065,000) (250,735,000) (143,878,000)

Future estimated development costs (95,498,000) (65,275,000) (50,971,000)

Future estimated income  tax expense (332,497,000)  (265,707,000) (105,876,000)

  Future net cash flows 551,334,000  506,698,000 248,224,000

10% annual discount for estimated timing of cash flows (317,099,000) (289,408,000) (149,755,000) 

  Standardized measure of discounted future estimated net cash flows $ 234,235,000 $ 217,290,000 $ 98,469,000

The following table summarizes the principal sources of change in the standardized measure of discounted future estimated net 

cash flows:

 Years Ended December 31,

 2004 2003 2002 

Sales of oil and gas  production, net of production costs $ (52,974,000) $ (36,810,000) $ (16,449,000)

Net changes in prices  and production costs 36,656,000 162,422,000 143,574,000

Extensions, discoveries  and improved recovery, less related cost 135,816,000 114,533,000 39,347,000

Dispositions to partnerships  (16,782,000) (12,936,000) (6,940,000)

Acquisitions 6,451,000 139,078,000 1,167,000

Development costs incurred  during the period 36,870,000 30,630,000 16,429,000

Revisions of previous  quantity estimates (34,611,000) 21,388,000 3,318,000

Net changes in estimated  income taxes (66,790,000) (159,831,000) (55,516,000)

Accretion of  discount (27,691,000) (139,653,000) (72,900,000)

   

 $ 16,945,000 $ 118,821,000 $ 52,030,000 

It is necessary to emphasize that the data presented should not be viewed as representing the expected cash flow from, or current 

value of, existing proved reserves since the computations are based on a large number of estimates and arbitrary assumptions.  

Reserve quantities cannot be measured with precision and their estimation requires many judgmental determinations and frequent 

revisions.  The required projection of production and related expenditures over time requires further estimates with respect to 

pipeline availability, rates of demand and governmental control. Actual future prices and costs are likely to be substantially different 

from the current prices and costs utilized in the computation of reported amounts.  Any analysis or evaluation of the reported 

amounts should give specific recognition to the computational methods utilized and the limitations inherent therein.
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(19) Business Segments (Thousands)

PDC’s operating activities can be divided into four major segments: drilling and development, natural gas marketing, oil and gas 

sales, and well operations.  The Company drills natural gas wells for Company-sponsored drilling partnerships and retains an interest 

in each well.  A wholly-owned subsidiary, Riley Natural Gas, engages in the marketing of natural gas to commercial and industrial 

end-users.  The Company owns an interest in approximately 2,700 wells from which it derives oil and gas working interests. The 

Company charges Company-sponsored partnerships and other third parties competitive industry rates for well operations and gas 

gathering.  All material inter-company accounts and transactions between segments have been eliminated. Segment information for 

the years ended December 31, 2004, 2003 and 2002 is as follows:

 2004  2003  2002  
REVENUES   

  Drilling and Development $ 119,211 $ 71,841 $ 57,149
  Natural Gas Marketing 93,231 73,141 46,366
  Oil and Gas Sales 67,948 47,022 22,857
  Well Operations  8,384 7,348 6,116
  Unallocated amounts (1)   1,946   3,499   2,854

            Total  $ 290,720 $ 202,851 $ 135,342

SEGMENT INCOME BEFORE INCOME TAXES   

  Drilling and Development $ 16,380 $ 10,564 $ 7,983
  Natural Gas Marketing 1,324 689 174
  Oil and Gas Sales 36,491 23,812 5,300
  Well Operations  4,402 3,059 2,788
  Unallocated amounts (2)   
  General and Administrative expenses (4,506) (4,974) (4,392)
   Interest expense (874) (1,329) (1,340)
   Other (1)  1,386   3,103   2,569

            Total  $ 54,603  $ 34,924  $ 13,082
   
SEGMENT ASSETS   

  Drilling and Development $ 64,348 $ 62,546 $ 31,279
  Natural Gas Marketing 28,689 17,006 16,641
  Oil and Gas Sales 221,516 204,849 145,591
  Well Operations  16,518 11,602 10,706
  Unallocated amounts    
    Cash 112 800 1,736
    Other    10,210    9,919    6,299

 Total  $ 341,393 $ 306,722 $ 212,252
   
EXPENDITURES FOR SEGMENT LONG-LIVED ASSETS   

  Drilling and Development $ 4,583 $ 6,168  $ 1,800
  Natural Gas Marketing 6 - 4
  Oil and Gas Sales 37,590 63,588 16,670
  Well Operations  1,911 2,944 1,221
  Unallocated amounts  1,302     342      82

 Total $ 45,392  $ 73,042  $ 19,777
   
(1) Includes interest on investments and partnership management fees in 2004, 2003 and 2002 and gain on sale of assets in 2004, 2003 and 2002 

 which are not allocated in assessing segment performance.
   

(2) Items which are not allocated in assessing segment performance.
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(20) Subsequent Event

In January 2005, the Company sold a portion of one of its undeveloped Garfield County, Colorado leases to another operator.  The 

gain on such sale to be recorded in the first quarter 2005 was approximately $5.2 million, net of a $1.0 million liability recorded 

for a future commitment.  The interest sold consisted of half the Company’s leasehold interest on a “checkerboard” pattern.  The 

Company will retain the other half of the lease.  The terms of the agreement require the purchaser to drill a number of wells over a 

period of time on the acquired acreage.  If the drilling requirements are not met part or all of the lease will revert to the Company.  

(21) Quarterly Financial Data (Unaudited)

Summarized quarterly financial data for the years ended December 31, 2004 and 2003, are as follows:

 2004

 Quarter Year           

 First Second Third Fourth 

Revenues $ 71,048,500 $ 73,923,800 $ 73,157,400 $ 72,590,100 $ 290,719,800

Cost of operations 56,624,200 59,315,500 58,357,200 56,439,900 230,736,800

Gross profit 14,424,300 14,608,300 14,800,200 16,150,200 59,983,000

General and  administrative expenses 994,200 900,900 926,300 1,684,200 4,505,600

Interest expense      243,500      255,000      252,600      123,200      874,300

Income before income taxes 13,186,600 13,452,400 13,621,300 14,342,800 54,603,100

Income taxes 4,747,200 4,839,300 4,929,700 6,026,300(1) 20,542,500

     

Net income $ 8,439,400 $ 8,613,100 $ 8,691,600 $ 8,316,500 $ 34,060,600

     

Basic earnings per share $ 0.53 $  0.53 $  0.53 $ 0.50 $ 2.10

     

Diluted earnings per share $  0.52 $  0.52 $  0.52 $ 0.49 $ 2.05

(1) Includes approximately $630,000 of adjustments to the tax provision of the prior three quarters.
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 2003

 Quarter Year           

 First Second Third Fourth 

Revenues $ 53,994,400 $ 42,192,500 $ 47,207,900 $ 59,456,200 $ 202,851,000

Cost of operations 45,125,800  33,836,200 37,648,600 45,013,400 161,624,000

Gross profit 8,868,600  8,356,300 9,559,300 14,442,800 41,227,000

General and  administrative expenses 1,177,700   1,186,600 1,377,300 1,232,800 4,974,400

Interest expense   236,200    259,800    415,000    418,100   1,329,100

Income before income taxes 7,454,700 6,909,900 7,767,000 12,791,900 34,923,500

Income taxes 2,460,000  2,280,300  2,563,100  4,802,400  12,105,800

Net income before cumulative effect of 

  change in accounting principle 4,994,700  4,629,600  5,203,900 7,989,500 22,817,700

Cumulative effect of change in

  Accounting principle (net of taxes)   (198,600)               -  -               -      (198,600)

Net income $ 4,796,100 $ 4,629,600 $  5,203,900 $ 7,989,500 $ 22,619,100

Basic earnings per share before 

  accounting change $ 0.32 $  0.29 $  0.33 $ 0.52 $ 1.46

Cumulative effect of change in 

  accounting principle (0.01)  0.00 0.00  0.00 (0.01)

Basic earnings per share $  0.31 $  0.29 $  0.33 $ 0.52 $ 1.45

Diluted earnings per share before 

  accounting principle $  0.31 $  0.29 $  0.31 $ 0.49 $ 1.40

Cumulative effect of change in 

  accounting principle (0.01) 0.00 0.00 0.00 (0.01)

Diluted earnings per share $  0.30 $  0.29 $  0.31 $ 0.49 $ 1.39

Cost of operations include cost of oil and gas well drilling operations, cost of gas marketing activities, oil and gas production costs 

and depreciation, depletion and amortization.
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 High Low

2004  

First Quarter $ 33.93 $ 16.70

Second Quarter  $ 32.63 $ 21.01

Third Quarter  $ 44.80 $ 24.50

Fourth Quarter  $ 49.26 $ 32.06

  

2003  

First Quarter $  6.30 $ 5.30

Second Quarter  $ 9.70 $ 6.16

Third Quarter  $ 12.33 $ 8.63

Fourth Quarter  $ 25.05 $ 12.09

Stock Price History and Data

The common stock of the Company is traded in the Nasdaq National Market under the symbol PETD.  The following table sets 

forth, for the periods indicated, the high and low bid quotations per share of the Company’s common stock in the over-the-counter 

market, as reported by Nasdaq. These quotations represent inter-dealer prices without retail markups, markdowns, commissions or 

other adjustments and may not represent actual transactions. 

As of March 21, 2005, there were approximately 922 record holders of the Company’s common stock. 

 

The Company has not paid any dividends on its common stock and currently intends to retain earnings for use in its 

business.  Therefore, it does not expect to declare cash dividends in the foreseeable future.  Further, the Company’s Credit 

Agreement restricts the payment of dividends. 
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